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Introduction 

Current projections of worldwide energy use indicate that fossil fuels will play a 
significant role for an extended period, if for no other reasons than the fact that time 
scales for changing energy systems are long and the investments required very large.  
Capture and storage of a portion of the carbon dioxide (CO2) released as a result of 
combustion of fossil fuels offers one approach to limiting carbon emissions.  Injection of 
CO2 into geologic formations is being considered as one way to reduce emissions of CO2 
to the atmosphere associated with energy use.  Possible settings for geologic 
sequestration include reservoir rocks that are currently producing oil or gas, deep 
formations that contain brine, and deep coal beds that will not be mined in the future.  In 
this report, we consider a variety of technical issues that must be addressed if geologic 
sequestration is to be conducted at a scale large enough to have significant impact on CO2 
emissions to the atmosphere.  We consider three areas:  seal capacity of each of the 
proposed geologic settings, efficient prediction of the flow of injected CO2 in the 
subsurface, and techniques for monitoring of the movement of that CO2.  This report 
extends results presented in the 2004 annual report (Harris et al., 2000). 

CO2 injected into the subsurface creates a buoyant phase.  An appropriate geologic 
setting for storage of that phase provides barriers to vertical flow, typically low 
permeability formations above the zone into which the CO2 is to be injected.  Results of 
research to delineate the physical requirements for containment of the injected CO2 is the 
first topic considered.  The physical situations considered range from the stress variations 
that limit the integrity of the caprocks and seals that trap buoyant fluids in oil and gas 
reservoirs to the state of stress and mechanisms that control the capacity of deep saline 
aquifers.  It is important for any storage setting to establish whether CO2 injection could 
compromise the seal above an aquifer or an oil or gas reservoir, either by inducing 
hydraulic fractures in the caprock or by activating pre-existing faults.  The stress settings 
in coal beds are also considered.  Because they are often shallower than aquifers or oil 
and gas reservoir rocks, the possibility of horizontal fractures for distribution of CO2 and 
collection of methane (CH4) is considered.  The approach here is to construct a 
comprehensive geomechanical model of the storage setting, based on geologic 
characterization with reasonable estimates of variability.  Applications to a deep saline 
aquifer, to relatively shallow coal beds, and to a depleted oil and gas reservoir are 
considered. 

Subsurface flow of CO2 is influenced by the distribution of permeability in the zones 
into which the CO2 is injected, by gravity segregation, by dissolution of the CO2 in any 
oil or water present, by trapping of CO2 by capillary forces between water and CO2, and 
by adsorption of CO2 on the surfaces of coal particles.  These mechanisms act on a 
variety of time scales.  The distribution of permeability controls CO2 movement during 
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the injection period, as low viscosity CO2 flows preferentially in high permeability paths.  
Gravity forces move CO2 upwards in the formation, with the rate determined by the 
density difference between CO2 and water (or oil or gas) and the vertical permeability.  
Slow dissolution of CO2 in brine creates a slightly denser brine phase that flows 
downward in the formation, increasing the rate of mixing over the rate of diffusion alone.  
Brine flowing upward to replace descending CO2-saturated brine acts to trap some CO2 
as a residual phase in zones where the saturation of CO2 is decreasing.  Chromatographic 
separations of CO2 and other components like CH4, N2, H2S, and hydrocarbons will occur 
during flow, as those components partition among the phases present and adsorb and 
desorb from coal.  Modeling the interplay of this complex set of mechanisms is the 
subject of the second part of this report.  We demonstrate that compositional streamline 
methods can be used efficiently to predict fluid movement during the injection period for 
all three geologic settings, and we use other analytical and computational tools to explore 
the hydrodynamic instability that arises when CO2 dissolves in brine and the transport 
that takes place in coal beds. 

The third section deals with techniques for and appropriate levels of monitoring of 
CO2 injection processes.  The focus in this area is on developing efficient (and therefore 
cost-effective) strategies for monitoring the movement of CO2 in the subsurface.  
Monitoring will be an essential component of managing the CO2 injection process and 
detecting leaks if they occur, and some form of monitoring is likely to be required as part 
of site licensing.  The objective in this area is to develop tools that reflect appropriate 
temporal and spatial scales for monitoring.  Seismic methods provide the most effective 
means to monitor subsurface flow of CO2 for most geologic settings.  Our previous work 
in this area on adaptive seismic monitoring, the use of snapshots in time with appropriate 
adjustment of imaging length scales, is the basis for the approach.  Here we report on the 
development of an implementation for adaptive seismic monitoring.  We describe 
research results for model-based dynamic imaging for leak detection, report on 
development of full-waveform seismic simulation tools that permit use of changes in both 
seismic velocity and attenuation as a result of changes in the saturation of CO2 as a 
detection method, and describe and test a new approach to measurement of the seismic 
properties of porous materials at the low frequencies that are likely to be employed in 
field-scale monitoring projects. 

The research effort described in this report is an attempt, therefore, to blend 
fundamental descriptions of the geomechanics, geophysics and chemistry of the complex 
flow processes associated with CO2 sequestration with the development of practical tools 
for the design, operation, and monitoring of sequestration processes in the three primary 
geologic settings.  Clearly, the research activities in each of the three areas draw heavily 
from the others:  flow depends on geomechanics and the variability inevitable in the 
subsurface, the spatial distribution of injected CO2 over time depends on the interplay of 
gravity segregation, trapping of CO2 and component transfers between phases, and the 
task of monitoring that distribution is inextricably linked to the mechanical and fluid 
properties of the system.  Thus, this project provides an opportunity for students and 
faculty attempting to understand these processes to do so with the full range of physical 
mechanisms in mind. 
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Chiaramonte, Graduate Research Assistants 
 
Background 

Three projects have been carried out in 2005 related to the assessment of seal capacity 
at potential sequestration sites.  One study has been carried out in a deep saline aquifer at 
a coal-burning power plant in the Ohio River Valley, a second considers unmineable coal 
seams in the Powder River Basin of Wyoming, and a third evaluates the feasibility of 
CO2 injection for EOR and sequestration at Teapot Dome, Wyoming, a depleted oil and 
gas reservoir.  These three projects have several elements in common.  

 
First is the development of a comprehensive geomechanical model.  As illustrated in 

Fig. 1, having such a model allows us to evaluate the nature of initial seal conditions of a 
prospective repository, the possibility that CO2 injection might compromise the seal (via 
hydraulic fracturing of the cap rock or inducing slip on pre-existing faults in the region of 
the repository) or, in the case of depleted oil and gas reservoirs, whether production may 
have adversely affected the seal of candidate initial reservoir. 
 
 

   
 

Figure 1: By building a geomechanical model of a potential sequestration 
site, it is possible is to consider whether initial conditions, production or 
injection could result in the loss of seal of the formation in which CO2 is 
being sequestered. 

 
The second common element of the studies carried out is the geologic 

characterization of a potential repository to define a reservoir flow models.  To augment 
direct data from wells and seismic data in a given area, these models have been 
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developed geostatistically to compensate for the incompleteness of available data and 
allow for reasonable spatial variations of geologic and hydrologic properties to be 
considered.  The third common element of these studies has been to use reservoir 
simulators to predict the capacity of prospective repositories in the context of the upper 
bounds for injection pressures (defined by the geomechanical model) and reservoir 
properties as defined by multiple realizations of the reservoir model.  Altogether, these 
elements define work flows for evaluation of carbon sequestration in each of the 
prospective geologic environments being considered for CO2 sequestration. 

 
To address the multiple research objectives described below in the most 

comprehensive manner possible, the Graduate Research Assistants working on seal 
capacity have been interacting extensively with GCEP researchers in the Department 
Petroleum Engineering (Kristian Jessen, Carolyn Seto, Herve Gross and Taku Ide) and 
the Stanford Wave Physics Lab (Martins Akintunde and Yuli Quan) in the Department of 
Geophysics.  Working together, these interdisciplinary teams have arrived at new 
understanding of the factors affecting the sequestration workflows in each of the geologic 
environments being considered for sequestration via the following projects: 
 

Project 1 - Evaluation of CO2 injection in a deep saline aquifer at the AEP 
Mountaineer coal burning power plant in the Ohio River Valley.  As a type-example for 
almost two hundred coal burning plants in the region, we consider the limitations of 
geomechanical constraints and aquifer properties on sequestration potential in the region. 
The Ohio River Valley CO2 Storage Project, sponsored by the U.S. DOE, American 
Electric Power, BP, the Ohio Coal Development Office (OCDO) of the Ohio Air Quality 
Development Authority, Battelle, Pacific Northwest National Laboratory (PNNL), and 
Schlumberger, is a study that seeks to use a site-specific characterization to develop an 
aquifer evaluation workflow for sequestration.  Within this team, we are developing a 
workflow for building stochastic aquifer models, simulating CO2 injection based on a 
number of possible scenarios, and testing various monitoring techniques in order to 
robustly assess CO2 sequestration feasibility and potential in an aquifer.  
 

Project 2 – Evaluation of the feasibility of CO2 sequestration (and enhanced coal bed 
methane production) in the Powder River Basin in Wyoming.  The overall objective of 
this study was to determine the feasibility of sequestering CO2 in coalbeds of the Powder 
River Basin (PRB), Wyoming, through geomechanical and hydrologic reservoir 
characterization and simulations.  The PRB is the location of the fastest growing natural 
gas play in the U.S., mostly from the development of coalbed methane (CBM); the state 
of Wyoming contains a number of point sources for the capture of CO2, and has a CO2 
pipeline network, with a proposed extension to the edge of the Powder River Basin 
(Nummedal et al., 2003).  Hence, the PRB meets most of the criteria set out in Gale and 
Freund (2001) for identifying potential CO2 sequestration sites; and extensive work has 
been done to categorize fracture growth from water enhancement practices in PRB coals 
by CBM operators (Colmenares, 2004).  
 

Project 3 – CO2 sequestration  at Teapot Dome, Wyoming. The Teapot Dome 
Experimental Facility presents an exciting opportunity to conduct CO2 sequestration 
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experiments in a depleted oil and gas reservoir.  This project focuses on the effects of 
CO2 sequestration on fault stability and seal integrity at Teapot Dome oil field, Wyoming 
with the objective of making predictions about the risk, volume and geometry of CO2 
leakage along critically stressed fractures and faults.  The site is fully owned by the US 
government and operated by the Rocky Mountain Oilfield Testing Center (RMOTC). 
After a complicated history involving a national scandal and a shut down of production 
for more than 50 years, Teapot Dome was reopened in 1976 and in 1977 became a US 
Department of Energy (US DOE) facility. DOE designated RMOTC to partner with the 
petroleum industry to improve domestic oil and gas production through the field testing 
of new technology, and in October 2003, established Teapot Dome as a national 
geological carbon storage test center (Friedmann et al., 2004a).  This work is being 
carried out in collaboration with Lawrence Livermore National Laboratory. 
 
Seal Capacity Project 1 - Ohio River Valley CO2 Storage Project 

The evaluation of the potential for deep saline aquifer sequestration in regions that are 
home to a significant number of large-scale point sources of CO2 emissions is a necessary 
step in the investigation of sequestration feasibility.  One such region of interest is the 
Ohio River Valley.  Within the states of West Virginia, Ohio, Pennsylvania, Kentucky, 
Illinois and Indiana, annual CO2 emissions reached 700 Mt in 2000, more than 99% of 
which comes from 183 power plants.  There are 22 plants emitting over 10 Mt CO2/yr, 
110 emit more than 1 Mt CO2/y and 51 emitting over 100 kt CO2/yr (EPA, 2004). 
Locating CO2 sequestration sites in close proximity to large point sources such as these 
can significantly reduce the total cost of sequestration by minimizing the transportation 
costs associated with it.  Failure to find acceptable storage capacities in the vicinity of 
these CO2 sources could make geologic sequestration an unpractical option for mitigating 
greenhouse gas emissions in a large portion of the conterminous United States. 

 
This project focuses on characterization of the subsurface beneath American Electric 

Power’s 1,300 Megawatt Mountaineer Power Plant in New Haven, WV, which emitted 
7.2 Mt CO2 in 2000 (Figure 2) and is thus among the larger plants in the region.  The 
final characterization of this site will provide insight into common limitations that may be 
faced in developing large-scale sequestration operations in the Ohio River Valley.  We 
have completed a geomechanical evaluation of the Mountaineer Site in collaboration with 
the Ohio River Valley CO2 Storage Project. 

 
Through the characterization of this site, we identified a number of challenges facing 

the evaluation of a deep saline aquifer as a potential site for sequestration.  The main 
challenge is lack of laterally extensive data.  In many cases, the only data available is 
from a very small number of vertical wells.  Also challenging is the fact that aquifers in 
Midwest United States, like those identified at the Mountaineer site, have significantly 
lower porosity and permeability values than would be common in other potential 
sequestration sites such as mature oil and gas fields.  
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Figure 2: Location of the Mountaineer Power Plant, New Haven, WV. The pilot well 
(bottom left) for the Ohio River Valley CO2 Storage Project was drilled on site at the 
power plant during the summer of 2003 (from Gupta, 2003). 

 
Results 
Geomechanical Characterization - We have developed a comprehensive geomechanical 
model that provides an indication as to the suitability of the Mountaineer site for long-
term sequestration of anthropogenic CO2.  From a geomechanical standpoint, a suitable 
site for sequestration must allow for a sufficient rate of injection without compromising 
the effectiveness of the caprock by propagating hydraulic fractures through it or inducing 
slip on existing faults.  A suitable sequestration site must also have a caprock capable of 
sustaining the increase in buoyancy pressure associated with the injected CO2, so that the 
fluid can be stored over the appropriate timeframe (hundreds to thousands of years) 
without leaking.   

 
 Previous work completed by Battelle, Schlumberger-Doll Research Laboratory, and 

PNNL have isolated three possible injection zones based on porosity and permeability 
logs.  The permeability, determined from the SDR transformation of the data obtained by 
a nuclear magnetic resonance (NMR) log, is less than 1 mD for much of the section but 
occasionally peaks to about 50 - 100 mD.  The effective porosity ranges from about 0 to 
10%, with a mean porosity of 2.8%.  The zones picked as possible injection sites have 
average effective porosities ranging from 4.1% - 6.9%.  Therefore, even the possible 
injection zones are tight in terms of permeability and porosity.  We have also found that 
natural fractures do not add a significant amount of effective permeability.  We 
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determined that in order to fulfill the injectivity requirement of a successful sequestration 
site, the permeability of the injection zones at the Mountaineer site will likely have to be 
increased through hydraulic fracturing while maintaining the efficacy of the caprock.  To 
assess the geomechanical constraints in injection and fracturing, we examine the state of 
stress in the Rose Run aquifer and the other two possible injection zones as well as the 
layers adjacent to them to create a geomechanical model.  During this investigation, we 
use observations from the AEP#1 well on the site of Mountaineer Power Plant.  This data 
includes a density log, p- and s-wave velocity logs, FMI log and caliper data, triaxial 
strength tests on core samples, and minifrac tests in the Rose Run aquifer and adjacent 
formations. 

 
 The goal of our analysis is to quantify the magnitude and orientation of the three 
principal stresses and to determine the implications that the in situ stress state has on the 
ability of this site to act as an effective storage facility for CO2.  The three principal 
stresses we will quantify are the vertical stress (Sv), which is equivalent to the overburden 
pressure, and the two perpendicular horizontal stresses, Shmin and SHmax. Our overall 
methodology for determining the in situ stress state follows Zoback et al. (2003): 

1. Calculate the vertical stress (Sv) by integrating over the density log, 
2. Identify depth and orientation of the drilling induced tensile fractures and 
wellbore breakouts using the FMI log and caliper data, 
3. Compile triaxial compressive test results from core samples, 
4. Interpret minifrac tests to determine allowable range of minimum horizontal 
stress (Shmin) magnitudes, 
5. Integrate this data to constrain the possible values of the maximum horizontal 
stress (SHmax), and  
6. Calculate elastic moduli from velocity and density logs. 
 

Once the state of stress is determined, it is possible to use the information to infer safe 
injection pressures, estimate the maximum fluid pressures that can be maintained in the 
formations (i.e., their dynamic capacity), and design hydraulic fracture operations to 
enhance injectivity.  We determined the orientation and magnitude of the principal 
stresses using well log data, rock strength tests, and minifrac tests to develop a 
geomechanical model of the location.  The orientation of the maximum horizontal stress 
is N47°E ± 13°, as inferred from the presence of numerous drilling induced tensile 
fractures and wellbore breakouts in the Formation Micro Imager (FMI) data over the 
depth range of 1900-2800 m.  The study site is in a strike-slip stress regime, such that the 
vertical stress (Sv) is the intermediate principal stress.  In addition, there is significant 
horizontal stress variation with depth (Figure 3).  The Rose Run Sandstone, a primary 
candidate for injection, has anomalously low horizontal stress magnitudes relative to 
adjacent formations, such that Shmin<SHmax ≤ Sv in this layer.  We conclude that the 
variation in the state of stress is beneficial for the sequestration potential of this zone in 
terms of designing a hydraulic fracture project.  Hydraulic fracturing occurs when fluid 
pressure exceeds the least principal stress, which in this case is Shmin.  Hydraulic fractures 
propagate in a plane perpendicular to the least principal stress.  In the Rose Run, a 
vertical hydraulic fracture striking approximately N47°E can be contained within the  
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Figure 3: Principal stress magnitudes with depth at the Mountaineer site. The Sv 
gradient is 26.2 MPa/km as determined from the density log. The Pp curve, calculated 
by a linear fit to the Pp measurements made prior to the start of injection during the 
minifrac tests, follows an 11 MPa/km gradient.  The red lines indicate the Shmin values 
interpreted from the minifrac tests.  The green dashed lines show the ranges in the 
magnitude of Shmin used in the stress calculations.  The black lines are the SHmax 
magnitude ranges determined from the constrained stress calculations.  The generalized 
stratigraphic column (blue=sh, green=ls, peach=dol., yellow=ss.) and the potential 
injection zones (red arrows) are shown for reference in the lower left corner.  There is a 
marked horizontal stress variation between the Rose Run Sandstone and the adjacent 
formations.  The World Stress Map in the upper right corner shows that the N47ºE 
orientation or SHmax is consistent with the regional stress field Reinecker et al. (2004). 

 
 

desired injection zone due to the higher fracture pressure in the adjacent formations 
(Figure 4).  

 
One potential concern about CO2 sequestration in the Rose Run sandstone is the 

potential for inducing seismicity in the adjacent strata if either the CO2 or aquifer 
pressure were to increase in these formations due to injection.  The high ratios of Shmin to 
SHmax in these units shown in Fig. 3 indicate a stress regime consistent with incipient 
strike-slip faulting.  This means increases in fluid pressure would be capable of triggering 
slip on pre-existing faults that were appropriately-oriented the principal stresses. This will 
be addressed further below. 
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Figure 4: Theoretical hydraulic fracture propagation in the lower 
horizontal stress layer of the Rose Run Sandstone at the Mountaineer site. 

 
 

eling - Several techniques and tools commonly applied in the petroleum 
industry are also valuable for forecasting CO
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aquifers.  Reservoir modeling in 3D and stochastic simulation of the petrophysical 
properties are important techniques for capturing the geological characteristics and 
heterogeneities of potential CO2 injection sites.  These models can then be upscaled
fluid flow simulations.  Numerical flow simulation on robust 3D reservoir models can 
provide estimates of reservoir flow behavior, fluid interactions, and sequestration 
capacity deep saline aquifers, even when there is only limited data available.  Common
reservoir stimulation techniques such as hydraulic fracturing may be needed to improve 
injectivity of the less porous and less permeable deep aquifers.  The benefits of reservoir
stimulation can be tested given the appropriated reservoir modeling and well-designed 
flow simulation analysis.  Fluid flow simulation studies are an integral step in 
understanding and quantifying CO2 sequestration potential not only in deep aquifers but
also in other geologic settings. 

 
Given the information collec

odels to represent the Rose Run sandstone, a potential 
injection zone identified in the AEP#1 well.  The two models represent the Rose Run 
with and without an introduced hydraulic fracture.  The geometry of the models is bas
on a regional structure-contour map of the top of the Rose Run sandstone, which 
indicates a N10ºE strike and gentle 2-3º dip to the southeast (Riley et al., 2003).  The 
thickness of the Rose Run varies on average between 15-50 m. We built a 6 km X 6 k
grid centered around the AEP#1 well.  At the Mountaineer site, the top of the Rose Run 
at 2365 m depth and is 33 m thick.  We investigated the effect of grid block size on the 
flow simulation results, and determined that a 150 X 150 X 1 grid allowed for efficient 
simulation runs while maintaining a significant amount of information on the aquifer 
properties.  In order to introduce a hydraulic fracture, we oriented the second grid along 
45º angle in the NE-SW direction.  This direction is consistent with the orientation of the 
horizontal stresses at the Mountaineer site.  A hydraulic fracture propagates in a plane 
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perpendicular to the least principal stress and parallel to the maximum horizontal stress.  
Hydraulic fractures will thus propagate in a vertical plane at an azimuth of N45ºE in thi
area.  We decrease the grid spacing along the center diagonal of the grid such that the 
width of the grid blocks in the NW-SE direction is about 2 m.  This grid has dimensions 
of 150 X 168 X 1. 

 
Once the grids a

s 

re built, we populate them with porosity and permeability using 
geostatistical methods.  The only data available on permeability and porosity we have for 
the  is a 

 modeled 

l 

perty 

 
e is 

ram 
ate 

location comes from the AEP#1 well.  The lack of lateral distribution information
major challenge when building the aquifer model.  Based on the porosity and 
permeability data available, we choose consistent distributions to use while populating 
the grid.  For porosity, we use a lognormal distribution and log permeability is
using a multi-Gaussian distribution (Figure 5).  We model log permeability because we 
find correlation (correlation factor of 0.65) between porosity and log permeability in the 
well data. Once the grid in populated, we convert to permeability.  We use the sequentia
Gaussian simulation (SGS) method in order to produce a large number of equally 
probably realizations of the petrophysical properties that reflect the data variability and 
spatial statistics while incorporating both “hard” (i.e. well data) and “soft” (i.e. pro
correlations) data (Deutsch, 2004).  The spatial variability of the properties is 
incorporated into the SGS algorithm using a semivariogram.  Due to the lack of data, our
choice of semivariogram is highly subjective.  Because the Rose Run sandston
sedimentary, we expect there to be a significant amount of lateral correlation between 
porosity and permeability.  Therefore we choose a normalized spherical semivariog
model with a 0.2 nugget effect and an isotropic range of 500 m in the geologic coordin
system (Figure 5).  Two permeability realizations of each of the models are shown in  

 

 
Figure 5: Geostatistical distributions and semivariogram used for modeling. 
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Figure 6: Map view of two permeability realizations for each of the 
models, one without and one with a hydraulic fracture.  The depth and 
thickness values of the two models are the same and reflect the regional 
strike and dip of the Rose Run sandstone.  The AEP#1 well is located in 
the center of the grid. 

 
Figure 6. To incorporate a 500 m hydraulic fracture in the second model, we assign the 
grid blocks extending 250 m in the NE and SW directions from the center grid block 
(locating the AEP#1 well) a porosity of 0.40 and permeability of 1 D. 
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Simulation of CO2 injection - The models are used to forecast aquifer sequestration 
potential and assess the feasibility of injecting CO2 at similar sites using fluid flow 
simulations.  In this study, we use a commercial black oil simulator, Eclipse 100.  While 
this simulator has its limitations when simulating CO2 injection, previous studies have 
shown that it is comparable to other available simulators (Pruess et al., 2004).  In this 
report, we present the results of CO2 injection simulations on two realizations of each of 
the models over three years.  We also look at the effect of increasing the permeability 
values of these models.  Finally, we look at a long-term (over 50 years) injection scenario 
for each model.  

 
The simulator input is based on the characterization of the Mountaineer site.  The 

temperature if the Rose Run sandstone is 63º C.  The pore pressure gradient is 11 
MPa/km.  The brine has a salinity of 5 Molal NaCl and the initial aquifer has 100% brine 
saturation.  We include producer wells along the boundary of the grid to enforce a 
constant pressure boundary condition that is consistent with the open system of an 
aquifer.  These wells produce when the pressure exceeds hydrostatic.  The injection rate 
of the AEP#1 well is controlled by a bottom hole pressure (BHP) constraint.  In the case 
with no hydraulic fracture, the BHP constraint is set at 33 MPa, which is the fracture 
pressure of the Rose Run sandstone as determined in the geomechanical analysis (Figure 
3).  The BHP constraint in the hydraulically fractured case is 43 MPa, which is the 
fracture pressure of the caprock (Figure 3).  

 
The results of this simulation study allow us to examine the influence of the 

uncertainty in permeability values and of introducing a hydraulic fracture at the injection 
site.  For all cases, the injection rate remains basically constant so that the total amount of 
CO2 injected increases at a constant rate (Figure 7).  The results of the simulations show 
that an order of magnitude increase in permeability results in a six-fold increase in 
injection rate for both models.  Large-scale permeability is often difficult to estimate with 
a lack of laterally extensive data and can easily differ in orders of magnitude in an 
aquifer.  Quantifying this uncertainty will have to play a large role in the assessment 
aquifers as sites for sequestration. The introduction of a hydraulic fracture increases 
injection rate by more than a factor of three in both the permeability fields.  In the case 
without a hydraulic fracture and with the base permeability field, the injection rate is 
about 60 t CO2/day or 22,000 t CO2/year.  In the presence of a 500 m hydraulic fracture, 
this increases to about 200 t CO2/day or 73,000 t CO2/year.  This increase in injectivity 
due to the hydraulic fracture could certainly make a previously unfeasible site into an 
attractive injection site.  

 
The extent of the CO2 front and pressure response after three years of injection is 

illustrated in Figure 8.  The CO2 front has only advanced a couple of hundred meters in 
the base case without the hydraulic fracture.  In the presence of the hydraulic fracture, the 
front moves out from along the fracture and then is influenced by the variations in the 
permeability field.  Most of the area reached by the CO2 has a CO2 saturation between 
30-70%.  Injection has a more far reaching effect on the formation pressure.  Even in the 
base case, where very little of the aquifer has been reached by the CO2, the pressure over 
the entire grid has increased several MPa.  This is advantageous with respect to concerns 
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about the possibility of inducing seismicity on unknown faults.  As the aquifer pressure 
increases far in advance of the CO2 front, should there be induced seismicity, it would be 
induced by the aquifer pressure prior to the CO2 reaching the fault in question. 

 
We also examine a long-term injection scenario with the base permeability using both 

models.  After 55 years of injection, the injection rates remain constant (Figure 9).  The 
hydraulic fracture allows for more than three times the total sequestration offered by the 

 
 
Figure 7: Injection rate and total CO2 sequestered after 3 years of injection. R1 
and R2 refer to the realization, HF refers to the hydraulic fracture, K1 is the base 
permeability and K10 is the permeability increased by an order of magnitude.  
The increased permeability results in a six-fold increase in sequestration potential.  
The introduction of a hydraulic fracture more than triples injectivity. 
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Figure 8: CO2 saturation and formation pressure after 3 years of CO2 injection.  
 

non-hydraulic fracture case.  In the hydraulic fracture case, the CO2 front becomes 
controlled primarily by permeability field rather than the fracture orientation and extends 
about 1.5-2 km from the well. 
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Figure 9: CO2 sequestered after 55 years of injection for both models with the 
base permeability. Injection rate remains constant. 
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Seal Capacity Project 2 - Feasibility of sequestration of CO2 and enhanced coal bed 
methane recovery in the Powder River Basin, Wyoming 

CO2 sequestration in unmineable coal seams is an especially attractive option for 
three reasons.  The coal can potentially store large volumes of gas, the CO2 would be 
sequestered as an adsorbed phase and the CO2 injection could potentially result in 
enhanced coal bed methane recovery, making this a possibly economically attractive 
solution for sequestration.   Coal preferentially adsorbs CO2 over CH4, displacing the 
CH4 from the coal matrix into the cleat system.  In enhanced coal bed methane (ECBM) 
this affinity for CO2 is utilized and CH4 is produced by “displacement desorption” (Gale 
and Freund, 2001).  Stevens et al. (1998) have estimated the world coal bed CO2 
sequestration capacity to be 225 Gt. 

 
The PRB is part of southeast Montana and northeast Wyoming (Figure 10).  It is an 

asymmetrical syncline with the axis of the syncline running down the western side of the 
basin (NW-SE).  The eastern flank dips gently to the west at 2-5° and the western flank 
dips to the east at 20-25° (Flores and Bader, 1999). 

 

 
 

Figure 10:  Location map of the PRB.  Also shown is the existing and 
proposed CO2 pipeline in the state of Wyoming. 
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The basin is composed of Upper Cretaceous barrier shoreface-marine sandstones and 
shales, and overlying Upper Cretaceous and Tertiary marine and fluvial deposits (Flores, 
2004).  The Tertiary units contain the coal-bearing Fort Union and Wasatch formations, 
which were deposited in mires associated with fluvial systems that drained intermontane 
plains (Flores, 2004) (Figure 11).  The Tongue River Member of the Fort Union 
Formation is the primary coal-bearing unit of the PRB.  It is made up of interbedded 
sandstone, conglomerate, siltstone, limestone and coal, and is as much as 561 m thick 
(Advanced Resources International, Inc., 2002; Flores and Bader, 1999).  Coalbeds range 
from a few centimeters in thickness to 61 m, and they merge and split into as many as 11 
beds (Flores and Bader, 1999; Flores, 2004).  Individual beds vary from elongate to 
lenticular in shape; and from hundreds of meters to tens of kilometers in lateral extent 
(Flores, 2004).  The coalbeds of the PRB serve as aquifers and are recharged at outcrops 
on the eastern margin of the basin (Flores, 2004). 

 
 

Figure 11:  Generalized stratigraphic column of the PRB (Flores, 2004). 
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Results.  This study focused on the Big George coal, part of the Wyodak-Anderson coal 
zone of the Tongue River Member (Figure 11).  The CBM generated by this coal is 
biogenic in origin, as indicated by its light isotope 12C enrichment (Flores, 2004).  The 
chemical composition of the CBM in the Big George coal is 87-94% CH4, 4-12% CO2, 
with trace amounts of hydrocarbons (Flores, 2004).  The average depth of the Big George 
is 335 m and it varies in thickness from 14 to 62 m (Flores and Bader, 1999). 
 

Effective permeability of the coal cleats ranges from 325 to 1500 md.  These values 
are based on interference tests on specimens from the Big George and Wyodak coals 
(Figure 11).  The cleats are as much as 2 cm in aperture size and are spaced from 0.1 to 
13 centimeters apart, with the widest spacing in higher rank coals (Flores, 2004).  The 
permeability of the coal matrix ranges from 0.04 to 0.7 md, based on effective stress tests 
on horizontal and vertical Big George and Wyodak coal cores (Flores, 2004).  Matrix 
permeability anisotropy varies from 4:1 (horizontal:vertical) to 2:1. 

Harpalani and Schraufnagel (1990) showed that coal will shrink on desorption of gas 
and expand on readsorption.  Matrix shrinkage leads to an increase in permeability.  
Palmer and Vaziri (2004) note significant increases in absolute permeability with 
depletion in coals from the San Juan basin (10 to 100 times).  Harpalani and Chen (1997) 
showed that the increase in permeability due to matrix shrinkage is a linear function of 
the amount of desorbing gas.  Another process which will affect permeability during 
desorption is stress-dependent permeability.  Stress-dependent permeability leads to a 
permeability decrease as cleats and fractures close due to an increase in the effective 
horizontal stress through desorption of the gas (Harpalani, 2005).  However, the 
permeability effects from this mechanism are far less than those from matrix shrinkage 
(White et al., 2005). 

Injection and adsorption of CO2 also results in a permeability decrease.  Harpalani 
(2005) conducted experiments on cores from Illinois coals and found that at pressures of 
745 psi the coal volume increased by 0.65% with CH4 adsorption and 1.2% for CO2.  
Field evidence from the Allison ECBM pilot in the San Juan basin shows that before 
injection of CO2 the coal permeability close to the injection wells was between 100 and 
130 md.  However, after injecting CO2 for just over a year, the permeability dropped to 
less than 1 md.  This reduction in permeability is attributed to matrix swelling from the 
adsorption of CO2 (Pekot and Reeves, 2002).  Lin et al. (2005) conducted experiments on 
coal from the Powder River Basin to measure the change in absolute permeability as a 
function of pore pressure and injected gas composition.  They attribute their observed 
reduction in permeability to the adsorbed gas molecules occupying pore space, rather 
than because of matrix swelling.  Because of the effects of matrix swelling, hydraulic 
fracturing of the coals may be required to enhance permeability and facilitate CO2 
injection. 

Porosity in the cleats ranges from 0.001 to 0.01, whereas for the coal matrix it ranges 
from 0.01 to 0.1 (Advanced Resources International, Inc., 2002).  These values were 
determined from history matching.  Coals in the PRB are sub-bituminous in rank, which 
is a measure of the coal’s maturity (measure of the amount of biochemical decay and 
metamorphic alteration of the organic matter that has occurred).  The various coal ranks 
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in increasing order are: lignite, sub-bituminous, high volatile bituminous, medium 
volatile bituminous, low volatile bituminous, semi-anthracite and anthracite (Jones et al., 
1988).  In laboratory studies of the adsorption behavior of coals it has been shown that 
high rank coals will adsorb two moles of CO2 for every one of CH4, whereas low rank 
coals, such as sub-bituminous and lignite, can adsorb six to eighteen times more CO2 than 
CH4 (Gluskoter et al., 2002).  Stanton et al. (2001) conducted gas adsorption tests on coal 
samples from the PRB and found that the adsorption ratio of CO2:CH4 was as much as 
10:1.  The high CO2 adsorption capacity of PRB coals makes them a good candidate for 
sequestration. 

 
The cleats and coal matrix are 90-100% water saturated (Advanced Resources 

International, Inc., 2002).  The water present in the cleats could reduce the contact area for 
gas trying to flow from the cleats into the coal.  It also means that the CO2 will have to 
diffuse through a thin film of water in the matrix to adsorb to the coal matrix.  Coals are 
composed of organic and inorganic material.  The organic constituents of coal are called 
macerals.  Macerals are sub-divided into three main petrographic groups: inertinite, 
liptinite and vitrinite (Jones et al., 1988).  Laboratory studies have shown that vitrinite 
has the highest sorption capacity for CO2 over liptinite and inertinite, which implies that 
vitinite rich coals will adsorb more CO2 (White et al., 2005).  PRB coals are high in 
vitrinite and low in ash content, making them favorable for CO2 sequestration (Ayers, 
2002).  The regional pressure gradient for PRB coals is 7.7 kPa/m (Advanced Resources 
International, Inc., 2002).  The shallower coals are significantly under-pressured, but with 
depth the coals reach hydrostatic conditions (at close to 732 m) (Advanced Resources 
International, Inc., 2002).  The 1995 USGS National Assessment of Oil and Gas 
Resources gave a temperature of 38°C for coals at a depth of 381 m in the PRB and a 
pressure gradient of 8.5 kPa/m for the same depth. 
 

The adsorption capacity of coal for CH4 and CO2 is a function of both temperature 
and pressure.  Increased temperatures will decrease the coal’s storage capacity, while 
increased pressure will result in increased storage (Meissner, 1984; Wyman, 1984). 
 

Geological data useful in characterizing the PRB is scarce.  Operators in the PRB do 
not collect many geophysical logs as they drill their wells.  However, almost all of them 
do obtain gamma logs.  These can be used to determine the general stratigraphy.  From 
this data, a 3D geological model was constructed through three wells in section 35, 
township 47, range 75 using Gocad.  This section was chosen because the middle well 
used in this model is in close proximity to the wells used by Professor Jerry Harris for 
geophysical monitoring of CO2 movement in the Big George coal.  In addition, 
Colmenares (2004) has determined the magnitude of the least principal stress (S3) in this 
section, and those surrounding it, for the Big George.  The magnitude of S3 is a 
controlling factor in our simulations.  We do not want injection to exceed this pressure or 
we will fracture the coal, creating a potential leakage pathway for CO2. 

 
The Big George coal is present in all three wells, dipping slightly to the west.  It is 

~24 m thick, with depth to top varying from 341 to 360 m.  Above the coal are 
interbedded sands and shales, which were also included in this model (Figure 12).  The 
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wells are spaced ~610 m apart and are presently used for CBM production from the Big 
George coal. 
 

 
 

Figure 12:  3D geological model. 
 

Simulations were performed on a 2D cross-section (Figure 13), extracted from this 
3D model.  Model parameters are summarized in Table I.  Porosity and permeability 
distributions within the coal matrix were performed using sequential Gaussian simulation 
and simple kriging (Deutsch, 2002).  Our porosity and permeability data for the coal have 
come from published reports that give only maximum and minimum values for these 
properties (see above sections on permeability and porosity) (Advanced Resources 
International, Inc., 2002; Flores, 2004).  To capture the uncertainty in these properties, 
three different permeability and porosity triangular distributions for the coal matrix were 
created, one each with the distribution mean close to the high end of the permeability and 
porosity ranges, one each with the mean in the middle of the ranges, and one each with 
the mean at the low end of the ranges.  50 realizations for each porosity and permeability 
distribution were generated. 
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Table I:  Model parameters 
nx 502 m dx 1.2 m 
ny 19 m dy 1.2 m 
nz 1 m dz 1.2 m 

 
 

 
 

Figure 13:  2D geological model.  Simulations conducted only on the coal. 
 

Simulations - Computer Modeling Group’s simulator GEM was used to simulate 
ECBM scenarios.  It is a compositional simulator with the ability to simulate dual 
porosity, multiple gas components, mixed gas diffusion, mixed gas adsorption, stress 
dependent porosity and permeability, and coal shrinkage and swelling (Law et al., 2002).  
Many commercial simulators capable of modeling CBM processes are available (e.g. 
Eclipse, COMET, etc…).  However, GEM was chosen because of its compositional 
functionality and ability to incorporate key physical mechanisms involved in ECBM 
(most notably matrix shrinkage and swelling).  

 
Table II summarizes input parameters used in the model.  Where possible, we have 

used values specific to the Big George coal.  Since not all parameters are available we 
have used properties from other coals of similar rank or general coal properties.  
Sensitivity analyses will be conducted on a number of these parameters, including cleat 
spacing, cleat permeability and porosity, coal composition, and adsorption.  In addition, 
we have simulated all our scenarios with and without coal shrinkage and swelling.  This 
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is because we wanted to see what effects these mechanisms would have on gas migration, 
injection, production and sequestration, and because there is some debate over whether 
swelling really does occur (Palmer and Mansoori, 1996; 1998; Pekot and Reeves, 2002; 
Palmer, 2005, Lin et al., 2005). 
 

Table II:  Input parameters for simulations. 
Input Parameters Values References 

Initial temperature, °C at 365.8 m 38 U.S. Geological Survey National 
Oil and Gas Resource 

Assessment Team (1995) 
Initial pressure, kPa at 365.8 m 3102.6 As above 

Coal gas composition 90% CH4, 0% CO2, 10% N2  
Water saturation 99% in cleats, 0% in matrix Advanced Resources 

International, Inc. (2002) 
Cleat spacing, cm 8 in both the x and y directions 

and 25 in the z direction 
Flores (2004) 

Cleat permeability, md 10  
Cleat porosity 0.01 Advanced Resources 

International, Inc. (2002) 
Langmuir volume, 180 gmol/kg 
for CH4, 737 gmole/kg for CO2

Adsorption/desorption parameters 
(dry coal) 

Inverse langmuir pressure, 1.5E-
4/kPa for CH4, 1.7E-4/kPa for 

CO2

GCEP Technical Report (Harris 
et al., 2004) 

Diffusion coefficients, cm2/s 0.00001 for CH4 and CO2 GCEP Technical Report (Harris 
et al., 2004) 

Rock mass density, kg/m3 975 for matrix and cleats General 
Rock compressibility, 1.45E-

7/kPa for cleat and matrix 
Rock compressibility 

Reference pressure, 7650 kPa for 
cleat and matrix 

General 
 

General 

Langmuir pressure, 6666 kPa 
Young’s modulus, 0.137E7 kPa 

Poisson’s ratio, 0.23 
Strain at infinite pressure, 2 

Shrinkage/swelling (Palmer and 
Mansoori, 1996; 1998) 

Exponent, 2 

GCEP Technical Report (Harris 
et al., 2004) 

Jones et al. (1998) 
Jones et al (1988) 

 
 

S3, kPa 6200 Colmenares (2004) 

 
The input parameters for coal gas composition, water saturation and cleat 

permeability differ from the true values for the Big George coal.  The gas composition of 
the Big George coal is 87-94% CH4, 4-12% CO2 and 0% N2 (Flores, 2004).  We 
simplified this composition in our model to 90% CH4, 0% CO2 and 10% N2, so that any 
CO2 produced was only from breakthrough.  We had to have 100% gas saturation in the 
coal matrix, as GEM does not allow water saturation in the matrix.  In regards to cleat 
permeability, the values given in the literature for the Big George coal range from 325-
1500 md (Flores, 2004).  However, we used a value of 10 md because large permeability 
contrasts between the matrix and cleat systems created numerical instabilities in GEM.  
Moreover, the large changes in front position in the high permeable zones caused the 
simulator to take prohibitively small time steps.  The permeability contrast between 
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matrix and cleats in the model is two orders of magnitude.  For a high mobility fluid such 
as gas, this contrast is adequate to capture the preferential flow behavior towards the high 
permeability cleat system. 
 

The base case is composed of an injector well at the up-dip end of our model and a 
production well at the other end.  Injection and production are simultaneous and only 
occur within the coal.  We produce water at a constant rate of 0.25 m3/day (at surface 
conditions) (minimum bottom hole pressure is 275 kPa) and inject at a constant rate of 
655 m3/day (standard conditions), with a maximum bottom hole pressure constraint of 
6000 kPa (this is slightly below S3, but ensures the pressure in the cleats does not exceed 
6200 kPa, the fracture pressure).  Simulations were run for 900 days, with run times of 
approximately 5 hours. 
 

Permeability and porosity are very low in the coal matrix.  To help enhance 
permeability, and therefore flow of CO2 into the coal, we have taken the injection well in 
our base case and created a horizontal hydraulic fracture towards its base, close to the 
base of the coal.  The rest of the well has been closed.  The hydraulic fracture was given a 
permeability of 500 md and is ~90 m in lateral length (Holditch et al., 1988; Abass et al., 
1990).   

 
Our specific model is in an area where Colmenares (2004) found vertical hydraulic 

fractures.  However, since we want to simulate the effect horizontal fractures will have on 
ECBM and CO2 sequestration, we have used the S3 value Colmenares (2004) calculated 
for the neighboring section, where she saw horizontal fractures in the Big George coal. 
 

We conducted simulations using various coal matrix permeability and porosity 
realizations.  We found that there were negligible differences between each realization 
and will therefore only show results from realization two of the second distribution for 
both porosity and permeability (random choice) (Figure 14).  However, there are 
noticeable differences in the amount of CO2 sequestered and CH4 produced between 
simulations with and without coal matrix shrinkage and swelling, and with and without a 
hydraulic fracture in the injection well.  We will be comparing our cases in a relative 
sense, rather than using the absolute numbers to predict the amount of CO2 that could be 
sequestered or CH4 that would be produced.  We are interested in whether it will be 
feasible to sequester CO2 in the PRB and whether hydraulically fracturing the coal will be 
beneficial. 

 
In conducting a sensitivity analysis on cleat spacing, we found that the greater the 

number of cleats, the faster CO2 breakthrough.  The cleat system is the main pathway for 
transport between injector and producer.  Increasing the number of cleats present 
increases the connectivity between injector and producer.  Both the face and butt cleats in 
the Big George coal are vertical, but orthogonal to each other.  We tried to model this by 
having fewer cleats in the horizontal direction (assuming there are some horizontal 
bedding planes present in the coal).  In order to overcome numerical problems, GEM 
seemed to require more than two cleats per layer in the horizontal direction, even though 
you do have the option of specifying zero. 
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Figure 14:  a) Permeability and b) porosity distributions for the coal 
matrix. 

 

 

 

Due to the permeability contrast between the cleats and the matrix, the cleats were the 
controlling factor in sweep efficiency.  Buoyancy forces, owing to the density difference 
between injected CO2 and resident water, created gravity override between gas and water.  
Gravity caused the gas to migrate upwards at first and then along the top of the coal.  The 
gas did not follow any high permeability paths in the matrix, but moved along the cleats 
and was then adsorbed (Figures 15 and 16).  The presence of the hydraulic fracture 
assisted in greater penetration of gas into the base of the reservoir.  Once gas was 
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injected, the buoyancy forces dominated, creating a more uniform vertical sweep as gas 
rose to the top (Figures 15c and d, and 16c and d). 

 

 
 

Figure 15:  CO2 gas saturation maps in the cleats after 11 days.  a) Base case with no 
matrix shrinkage and swelling; b) Base case with matrix shrinkage and swelling; c) 
Hydraulic fracture case with no matrix shrinkage and swelling; d) Hydraulic fracture case 
with matrix shrinkage and swelling. 

 
Matrix Shrinkage and Swelling - Water production creates a short period of 

depressurization.  During this phase, drawdown in the vicinity of the producer is created, 
reducing pressure and causing CH4 to desorb.  Due to desorption of CH4, matrix 
shrinkage occurs, increasing permeability.  This increase in permeability means that the 
two cases with matrix shrinkage and swelling are able to inject more CO2 at the 
beginning of operations than the cases without matrix shrinkage and swelling (Figure 
17a).  As more and more CO2 is injected, matrix swelling takes place and permeability is 
now reduced.  This reduction in permeability is evident in the cumulative CO2 injection 
of the base case with matrix shrinkage and swelling.  With time this case injects less CO2 
than the cases without matrix shrinkage and swelling because matrix swelling now 
dominates (the hydraulic fracture case with matrix shrinkage and swelling does not  
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Figure 16:  CO2 adsorption maps after 900 days of injection.  a) Base case with no 
matrix shrinkage and swelling; b) Base case with matrix shrinkage and swelling; c) 
Hydraulic fracture case with no matrix shrinkage and swelling; d) Hydraulic fracture case 
with matrix shrinkage and swelling. 
 
 
follow this trend because of the presence of the hydraulic fracture).  Figure 15 illustrates 
the effect of matrix shrinkage and swelling on CO2 injection.  After 11 days of injection 
the gas front in the two cases with matrix shrinkage and swelling has moved further away 
from the injecting well than in the other two cases.  More CO2 has been injected in the 
matrix shrinkage and swelling cases due to the initial permeability increase with matrix 
shrinkage. 

 
Figure 17b is a plot of cumulative CO2 production.  The two cases with matrix 

shrinkage and swelling produce the least amount of CO2, but see breakthrough 30 days 
before the cases without matrix shrinkage and swelling.  Breakthrough for the cases with 
matrix shrinkage and swelling occurs at 60 days, compared with 90 for the cases without 
matrix shrinkage and swelling.  This seems intuitive, as matrix shrinkage enhances 
permeability at the beginning of operations, aiding in CO2 migration to the producer.  
However, with time matrix swelling closes the cleats, slowing down the movement of 
CO2 gas and allowing increased sweep efficiency as gas is forced to take alternate 
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pathways in the reservoir to move from injector to produce.  This in turn means more 
CO2 adsorption (Figure 16b and d). 

 

Figure 17c is a plot of cumulative CH4 production.  At first the matrix shrinkage and 
swelling cases produce more CH4, but as time progresses, they produce less.  CH4 is more 
easily produced at early times because of matrix shrinkage.  As CO2 is injected, 
permeability decreases with matrix swelling, making it harder for CH4 to migrate to the 
well. 

 
Overall, if coal matrix shrinkage and swelling does take place, we will see slightly 

shorter breakthrough times, less CH4 and CO2 production, and decreasing CO2 injection 
rates (if there are no hydraulic fractures) with ECBM, compared with coals in which 
these mechanisms do not occur. 

Hydraulic Fracture Effects - In Figure 17a, both hydraulic fracture cases have injected 
more CO2 by day 900, than the base cases.  This is due to the presence of the hydraulic 
fracture, which allows more CO2 to be injected into the coal.  The hydraulic fracture case 
with matrix shrinkage and swelling has injected the most CO2 by day 900, whereas the 
base case with matrix shrinkage and swelling has injected the least.  It appears that the 
hydraulic fracture helps enhance permeability when matrix swelling occurs.  The effect 
of a reduction in permeability in the hydraulic fracture (with essentially infinite 
conductivity) is not as significant as that in the cleat system with a permeability of 10 md. 

 
As mentioned above, the presence of a hydraulic fracture at the base of the injector 

helps obtain a more efficient vertical sweep of the gas (Figure 15c and d).  However, 
gravity is still the dominant process in gas migration.  Gas saturation is highest at the 
hydraulic fracture and at the top of the coal (Figure 15c and d).  This is because injection 
is into the hydraulic fracture, but as soon as CO2 enters the reservoir it quickly rises, 
which is why we also observe high saturation near the top of the coal.  Despite the more 
efficient vertical gas sweep compared to the base cases, this is still not an efficient 
displacement front. 

 
Placing a hydraulic fracture at the base of the injection well helps to increase injection 

rates so that more CO2 is sequestered.  A hydraulic fracture is even more beneficial if 
matrix swelling occurs, as it helps to mitigate the negative effect this mechanism would 
have on injection rates. 

 
The pressure in the coal matrix never exceeds ~3200 kPa, and in the cleats, 6200 kPa.  

This means that the CO2 has remained in the gas phase for the entire length of injection 
and not converted to its liquid state and become mobile.  So long as the pressure does not 
increase over time, or temperature decrease, the CO2 will remain sequestered in the coal.  
This is especially important in PRB coals, as they act as aquifers, and moving water is a 
potential leakage path. 
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Figure 17:  a) Cumulative CO2 injected; b) Cumulative CO2 produced; c) 
Cumulative CH4 produced. 
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Table III shows the total amount of CO2 sequestered for each case, the amount of CO2 

sequestered per m3, and the percentage of CO2 produced compared with the amount that 
was injected.  We found that we produced less than 1% of the total amount of CO2 
injected for each case, which means that 99% of the CO2 that was injected has been 
sequestered.  In addition, both cases with hydraulic fractures sequestered the most CO2 
per m3.  This is due to the more efficient vertical gas sweep and the ability to inject more 
CO2. 

 

Table III:  Total CO2 sequestered in 900 days 

 Base case no 
matrix s/s 

Base case with 
matrix s/s 

Hydraulic fracture 
case no s/s 

Hydraulic fracture 
case with s/s 

Total CO2 
sequestered 

894394.48 kg 

(894.39 ton) 

846988.97 kg 

(846.99 ton) 

904133.15 kg 

(904.13 ton) 

944448.67 kg 

(944.45 ton) 

Amount of CO2 
sequestered (per 

meter)3

49.35 kg/m3

(0.0014 ton/ft3) 

46.74 kg/m3 

(0.00132 ton/ft3) 

49.89 kg/m3 

(0.00141 ton/ft3) 

52.11 kg/m3 

(0.00148 ton/ft3) 

Percent of CO2 
produced 0.44% 0.02% 0.37% 0.04% 

 
Conclusions 

Through ECBM simulations on a 2D model of the Big George coal in the Powder 
River Basin, Wyoming, we found that in well-cleated coals, like the Big George, cleat 
density controls fluid flow.  To accurately model fluid migration in these types of 
reservoirs, the aerial distribution of the cleat system needs to be precisely modeled.  We 
will extend our model to 3D to try and realistically model the cleat system in the Big 
George coal.  In addition, ECBM is a gravity-dominated process; this reduces sweep 
efficiency and sequestration.  To overcome this problem, wells should be completed at 
the base of the reservoir and hydraulically fractured whenever possible.  The presence of 
a hydraulic fracture in the injection well helps to enhance CO2 sequestration, by creating 
a greater surface area for injection.  This is especially true if matrix swelling does occur 
with CO2 injection, as the hydraulic fracture helps maintain injection rates even though 
permeability in the cleats is being reduced.  Finally, from our preliminary simulations we 
have shown that matrix shrinkage and swelling affects injection, production and fluid 
distributions in the reservoir.  More research is required to characterize this effect, and 
when designing ECBM projects, shrinkage and swelling should be incorporated into the 
simulations. 
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Seal Capacity Project 3:  CO2 Sequestration in Depleted Oil and Gas Fields - Teapot 
Dome Project  

CO2 injection into depleted oil and gas reservoirs could affect initial seals by either 
hydraulic fracturing of the cap rock or triggering slip on pre-existing faults.  In this study, 
we will investigate the potential for this to happen in the Teapot Dome field of Wyoming. 
Federal ownership of Teapot Dome provides significant advantages:  it grants a stable 
platform for long-term scientific investigations in a stable business context and absent the 
commercial drivers of a privately owned oil field.  Also the extensive data set of Teapot 
Dome as well as any experimental result is public domain.  This allows joint research of 
all kind including international collaborators (Friedmann et al. 2004b). 

 
The field has a high density of wells, over 1300 in total, with approximately 600 

currently producing. The available data consists of: cores, well-logs, mud-logs, 
completion descriptions, production data, reports of drilling tests and a 3D seismic 
volume acquired in 2000.  The recoverable reserves include 600 million barrels of oil and 
0.5 billion cubic feet of gas.  The field has over 100 years of production data which 
includes the results from water floods and steam floods (Friedmann, 2003).  The target 
reservoirs for the CO2 injection range from 500’ – 8000’.  Of these potential targets that 
represent diverse rock, brine, and hydrocarbon compositions and configurations, nine are 
oil and gas bearing and at least six are aquifers of varying salinity.  The initial focus of 
the experiment will be on the oil and gas units (Friedmann et al. 2004b). 
 

The first storage experiments proposed at Teapot Dome will inject CO2 on three 
depleted reservoir with the intention of maximizing the in situ storage instead of focusing 
on the hydrocarbon recovery, which is the main objective in similar existing projects 
around the world.  Injection will start in the summer of 2005 with a minimum of 100 
tons/day CO2 for a minimum of 3 months in each level. After 3 years, a new well will be 
recompleted near the injection site to verify the predictions of the models resulting from 
studies like the present one (Friedmann, J., personal communication).  
 
Results.  In the first step of this project, collaborating with Julio Friedmann at Lawrence 
Livermore National Laboratory, we are developing a comprehensive geomechanical 
model of the Teapot Dome site, in which we are analyzing the in-situ stress 
characteristics of the target reservoirs to be injected looking at borehole breakout, drilling 
induced fractures, leak-off or mini-frac tests and teleseismic data. We are also creating 
the geological characterization, for what we are analyzing outcrop, cores and image log 
data to constrain the azimuth, geometry and offset of discrete fault zones that are target 
for leakage experiments. 
 
 Teapot Dome is an elongated asymmetrical, basement-cored anticline with a north-
northeast axis (Figure 18). It is part of the Salt Creek structural trend, located in the 
southwestern edge of the Powder River Basin (Cooper & Goodwin, 1988; Beinkafner, 
1986).  
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Figure 18:  Location of Teapot Dome (left). Structure map on the top of 
2nd Wall Creek Sandstone at Salt Creek and Teapot Dome oil fields 
(Friedmann et al. 2004a). 

 
 The anticline has characteristics of a negative flower structure with a series of 
oblique-slip faults involving the basement which were active during the formation of the 
dome around 75-55 million years ago. These faults are well defined in the seismic as well 
as in the outcrops. In general the faults are oriented along a NE-SW trend, but vary in 
geometry, displacement and complexity (Figure 19). 
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Figure 19:  NW-SE cross section through Teapot Dome (left). Depth-
structure map on the 2nd Wall Creek Sandstone (Friedmann et al. 2004b). 

 
Storage experiment 

The first main reservoir target for CO2 injection is the Tensleep Fm., which accounts 
for about two-thirds of the oil produced in WY and the Rockies. At Teapot Dome the 
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lithology of this formation consist of aeolian sandstones, sabkha carbonates, evaporates 
(mostly anhydrite), and extensive beds of very low permeability dolomicrites. Its 
structural crest is at 5500’, with an average porosity of 10 (f), and average permeability 
of 30 mD.  Characterization of Tensleep Sandstone includes core description, well-log 
correlation, petrographic study, fracture analysis, and outcrop description. Inside this oil 
field, more than 33 wells have penetrated the Tensleep Fm., including 13 cored wells. 
The closure, bounded by an oblique-slip fault to the north, covers an area of around 1 
km2, and its penetrated by approximately 14 wells making it small enough to be 
manageable yet large enough to capture most of the critical reservoir heterogeneities 
(Friedmann et al. 2004b).  The other likely targets for storage experiments are the Red 
Peak/Crow Mountain and the 2nd Wall Creek Sandstone (Table IV). 
 
     Table IV: Target reservoirs (Friedmann, J., personal communication). 

Formation Reservoir Description Cap-rock 
Description 

Porosity & 
permeability 

Tensleep 
Sandstone 
(Pennsylvanian) 

Quartsoze eolian 
sandstones + patchy 
carbonate cements; oil-
bearing; fractured 

Shale + 
carbonate + 
anhydrite 

5-20 % 

(10-100 mD) 

Red Peak/Crow 
Mountain 
(Triassic) 

Amalgamated fluvial 
sub-lithic sandstones; 
saline; non-fractured 

Marine shales 10-20 % 

(50-300 mD) 

 

2nd Wall Creek 
Sandstone 
(Cretaceous) 

Fluvial-deltaic sub-
arkosic sandstone; oil-
bearing; fractured 

Marine shales 10-20% 

(25-200 mD) 

 
Leakage Experiment 

The objective of this experiment is to understand the signature of the CO2 migration in 
the crust with the ultimate goal of mitigate the vertical migration of CO2 among others. 
One of the propose tests is forcing vertical crustal migration of CO2 at an agreeable site 
(Friedmann, J., personal communication). 
 

From the studied set of faults, there are several areas that show particular complexity 
in geometries and azimuths, (Figure 19 and 21) that might enhance their potential for 
leakage.  Additionally, the faults outcrops within the area contain alkali springs, and 
show hydrocarbon samples in fault veins and gouge (Figure 20).  Seeps at the surface are 
well identified in the region; in fact, Teapot Dome was initially recognized from 
hydrocarbon seeps on outcrops (Cooper et al., 2003). 

  
 To identify the optimal location for such experiment we are combining outcrop, core 
and image log data to characterize the fracture distribution in the near-borehole zone, and 
we are using 3D seismic data to constrain the azimuth, geometry and offset of discrete 
faults. In Figure 21 we can observe an example of one of the mapped faults, denominated 
S2 network in Figure 19. 
 

GCEP Technical Report 2005 http://gcep.stanford.edu



 

 
 

Figure 20:  (A) S2 faults Outcrops. (B) Close up with calcite veins. (C) 
Close up of vein with hydrocarbon staining (Friedmann et al. 2004a). 

 
 

 
 

Figure 21:  S2 fault network from three different azimuths. Vertical 
exaggeration = 6, (Friedmann et al. 2004b). 

 
 The final product of this project will be to provide quantification of the critical 
transient, and the consequence, of the dynamic stress, including maps of relevant 
structures, predictions on rate and volume of injection needed to trigger fluid migration, 
and information about the long-term recovery of an injection site. 
 
 With the geomechanical and geological characterization as input we will develop 
numerical models that would calculate the likely magnitude of the stress transient needed 
for criticality, and for the likely migration pathway of CO2 once critically stressed.  
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Summary 
The three seal capacity projects summarized above illustrate the critical linkages 

among geologic and flow characterization, understanding the geomechanical constraints 
that govern seal capacity and reservoir simulation.  In addition, the work done to date 
illustrates how each set of activities play an essential role in the work flow associated 
with assessment of any potential repository in a depleted oil and gas reservoir, a deep 
saline aquifer or an unmineable coal seam. 

 
In the case of the Mountaineer study, we found that despite the relatively low 

permeability of the Rose Run sandstone, its limited thickness and the need to limit 
injection pressures to an upper bound associated with potential breaching of the cap rock, 
utilization of hydraulic fracturing to improve injectivity brings the potential rate of 
injection up to about 10% of the rate at which CO2 is being produced by the power plant 
at the site (for the favorable matrix permeability case).  This means that utilization of 
multiple injection horizons (and multiple injection wells), and consideration of alternative 
schemes (such as use of horizontal drilling in the injection intervals) could make 
sequestration of CO2 a viable technical and economic option for point sources such as 
coal burning power plants in the Ohio River valley.  

 
Similarly, the two-dimensional modeling done to date for the unmineable coal seams 

of the Powder River Basin is also quite encouraging.  Again, it appears necessary to use 
hydraulic fracturing to improve injectivity, but it appears that nearly all of the CO2 
injected will remain in the coal as an adsorbed phase and that a quantity of CH4 will be 
produced that can help offset the cost of sequestration.  Three dimensional modeling will 
be needed to investigate this quantitatively.  Moreover, we need to confirm the overall 
accuracy of the simulations done to date through calibration with laboratory studies (such 
as those described in the next section), of the physical and chemical processes that govern 
fluid transport, adsorption of CO2 , desorption of CH4 and matrix swelling. 

 
The many challenges associated with CO2 injection in depleted reservoirs such as 

Teapot Dome are indeed formidable.  Many of the faults present are already known to be 
conduits for hydrocarbon flow and as such, it is necessary to understand why this is 
happening and how to prevent it from affecting CO2 sequestration.  The fact that CO2 
injection will begin in the summer of 2005, there is an excellent existing data set 
available for determination of a geomechanical model and assessing the factors that 
control flow through faults, and an extensive network of wells can be used for 
sequestration modeling, makes this a perfect case to establish an understanding of how to 
best approach evaluation of depleted oil and gas reservoirs as potential CO2 repositories. 
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Rapid Prediction of CO2 Movement in Aquifers, Coal Beds, and Oil and Gas 
Reservoirs 

 
Investigators 
Anthony R. Kovscek, Associate Professor; F. M. Orr, Jr, Professor; Kristian Jessen, 
Acting Assistant Professor; G. Q. Tang, Research Associate;  Tanmay Chaturvedi, Marc 
Hesse, Taku Ide, Wenjuan Lin, and Carolyn J. Seto, Graduate Research Assistants 
 
Background 

An important task in the development of a project for sequestration of significant 
quantities of CO2 in the subsurface is the prediction of the movement of the injected CO2 
in the subsurface.  Experience gained in enhanced oil recovery projects in which CO2 was 
injected indicates that in the well-to-well flow settings of oil and gas reservoirs, at least, 
the spatial distribution of permeability, in combination with gravity effects, dominates the 
flow in the period during which the CO2 is injected (Tchelepi and Orr, 1994).  CO2 
sequestration processes are also likely to be strongly affected by permeability 
heterogeneity, though flow in deep saline aquifers may not be organized by pressure 
gradients from injectors to producers.  In addition, all CO2 sequestration processes 
involve transfers of components between phases.  In oil and gas settings, hydrocarbon 
components transfer into a CO2-rich phase, and CO2 dissolves in oil (or condensate) and 
water present in the reservoir.  In aquifers, CO2 dissolves in the brine and small quantities 
of water transfer to the CO2 phase.  In coal beds, CO2 adsorbs more strongly on the 
surfaces of coal particles than does CH4, and hence CH4 is released as the CO2 adsorbs.  
The volume occupied by CO2 can depend quite strongly on whether it is dissolved in a 
liquid, adsorbed on a solid, or flowing as a separate phase.  Thus, during the injection 
period, the movement of CO2 depends on a complex set of interactions of phase 
equilibrium and flow. 

Many computational tools are available for prediction of the flow of oil, gas, and 
water in reservoir settings and in coal beds (see the 2004 report of the GCEP Geologic 
Sequestration group for a review of the range of simulation tools available, Harris et al., 
2004).  All such tools have limitations.  Representation of the effects of permeability 
heterogeneity may require fine computational grids to resolve length scales of variability, 
and representation of the effects of component transfers between phases requires complex 
phase equilibrium calculations.  As a result, conventional finite difference compositional 
simulation tools are too slow for flow predictions at field scale.   

We have focused on the development of very efficient computational tools that allow 
rapid investigation of the period during which CO2 is injected into the subsurface 
formation, whether it is an oil or gas reservoir, an aquifer or a coal bed.  We use 
streamline methods to capture the effects of permeability heterogeneity at fine scale, and 
we use both analytical and numerical one-dimensional solutions to describe the 
compositional flow processes along streamlines.  This approach has the advantage that it 
is much less affected by the adverse effects of numerical dispersion (Jessen et al., 2004) 
that limit the use of conventional finite difference compositional simulation on coarse 
grids.  The resulting simulation tools are very fast in flows where heterogeneity 
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dominates and hence, streamlines can be updated relatively infrequently without loss of 
accuracy.   

A large literature describes the development and application of streamline simulation 
to prediction of flow in three-dimensional heterogeneous reservoirs.  See the papers of 
King and Datta-Gupta (1998) and Crane et al. (2000) for many references to the full 
range of work on streamlines.  The use of compositional streamline simulation for gas 
injection processes was demonstrated by Thiele and coworkers (Thiele et al., 1995; 
Thiele et al., 1997).  Jessen and Orr (2002) showed how to combine the streamline 
approach with multicomponent analytical solutions for three-dimensional gas 
displacement problems, and Seto et al. (2003) applied that approach to the simulation of a 
gas condensate recovery process.  Several investigators have shown that effects of gravity 
can be represented by operator splitting (Crane et al., 2000; Jessen and Orr, 2004).  Thus, 
there is considerable evidence that compositional streamline methods can be applied to 
describe  the interaction of compositional effects associated with component transfers, 
dissolution, and adsorption that occur in CO2 sequestration processes.   

Streamline methods are not without limitations, of course.  There is no representation 
of component transfers normal to streamlines, and they are based on the idea that 
chemical equilibrium is established on a time scale that is short compared to the time 
scale for flow.  Those assumptions are generally reasonable for the injection period of a 
sequestration project in oil and gas and aquifer settings.  They may or may not be 
satisfied for adsorption on coal beds, depending on the spacing of fractures and the rates 
of diffusion from fractures into matrix blocks of coal (see pp. 138-142 of the 2004 GCEP 
Geologic Sequestration report for estimates of these time scales for coal beds, Harris et 
al., 2004).  And, streamline methods may have little advantage if gravity segregation is so 
dominant that streamlines must be updated every few time steps.  But that is not the case 
in flows that are dominated by permeability heterogeneity, and in many flows where 
gravity is important, streamlines do not change rapidly after a relatively short initial 
period in which gravity override is established. 

For many situations, therefore, streamline methods offer a very efficient way to 
provide scoping assessments of the extent of flow with compositional effects (Kovscek 
and Wang, 2005).  Other tools can then be used to explore what happens after the initial 
injection period and to investigate slower mechanisms like chemical reactions of CO2-
saturated brine with minerals present in the porous medium or the slow gravity-driven 
overturn of CO2-saturated brine in an aquifer.  In this report, we demonstrate several of 
these approaches to examine fundamental physical mechanisms that control flow in 
sequestration processes. 

In the following sections, we report on progress in research to improve our ability to 
predict flow behavior in CO2 sequestration processes.  We report results in the following 
areas:   

1. Estimates of displacement efficiency in aquifer sequestration, 

2. Time scales for dissolution, diffusion, and gravity-driven convection in aquifers, 
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3. Streamline modeling of flow in aquifers, 

4. Measurements of adsorption of CO2, CH4, and N2 mixtures,  

5. Wetting behavior in coal beds, and 

6. Analytical solutions for flow of CH4, CO2, and water in a coal bed. 

Results 
Estimates of CO2 Displacement Efficiency in Aquifers (Taku Ide and Kristian Jessen) 

The amount of CO2 that can be retained in a deep saline aquifer depends on several 
physical factors.  Of primary interest is the density of CO2 at the aquifer conditions 
because it controls the volume of pore space that will be occupied by the CO2.  In 
addition, the average volume fraction of an aquifer that can be occupied by CO2 is of 
interest because it controls the total volume of aquifer that will be invaded, and it 
determines whether there is sufficient remaining brine present to dissolve all the injected 
CO2 in a region of the aquifer.  The volume fraction of CO2 in an invaded zone is just the 
overall sweep efficiency of a displacement of brine by CO.  It will depend on the local 
displacement efficiency of brine by CO2, which is controlled by the viscosities of the 
brine and CO2 and the relative permeability functions appropriate to the aquifer, and the 
fraction of the pore volume that is swept, which will depend on permeability 
heterogeneity and gravity segregation. 

 
Figure 22:  Density of CO2 as a function of depth for a hydrostatic pressure gradient 
(0.1 atm/m) and several temperature gradients for a surface temperature of 15˚C 
(Span and Wagner, 1996). 

GCEP Technical Report 2005 http://gcep.stanford.edu



To examine these questions, simple estimates of the physical properties for CO2 and 
brine were compiled.  Fig. 22 shows the density of CO2 calculated with the equation of 
state of Span and Wagner (1996) as a function of aquifer depth.  Density, of course, 
depends on temperature and pressure.  To relate temperature and pressure to depth, we 
assume that the vertical pressure distribution is hydrostatic and that there is a fixed 
geothermal gradient.  Fig. 22 shows that the CO2 density for depths below about 1000 m 
depends primarily on the geothermal gradient.  For commonly observed values between 
20 and 30 degrees C per kilometer, therefore, a CO2 density between 0.6 and 0.7 g/cm3 is 
a reasonable estimate.  Somewhat higher values would result if the aquifer were at 
pressures higher than hydrostatic.  Fig. 23 shows the corresponding values of density for 
a brine with salinity 15,000 ppm calculated with the correlation of Rowe and Chou 
(1970).  Brine density is much less sensitive to changes in temperature and pressure than 
is CO2 density. 

 
Figure 23:  Density of brine (15,000 ppm) as a function of depth for a hydrostatic 
pressure gradient (0.1 atm/m) and several temperature gradients for a surface 
temperature of 15˚C (Rowe and Chou, 1970). 

Viscosities of CO2 and brine are shown in Figs. 24 and 25.  Brine viscosity decreases 
with depth, because brine viscosity depends more strongly on temperature than on 
pressure (Kestin et al., 1978).  CO2 viscosity increases with depth, however, because it 
depends more strongly on pressure than on temperature (Vesovic et al., 1990; Fenghour 
et al., 1998).  Fig. 26 shows the ratio of brine viscosity to CO2 viscosity.  That ratio, 
along with the relative permeability functions appropriate to the porous medium 
determines the local displacement efficiency.  Fig. 26 shows that viscosity ratios from 
about 6 to about 12 are reasonable. 
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Figure 24:  Viscosity of CO2 as a function of depth for a hydrostatic pressure 
gradient (0.1 atm/m) and several temperature gradients, for a surface temperature of 
15˚C ( Vesovic et al. 1990; Fenghour et al. 1998). 

 
 Figure 25:  Viscosity of brine (15,000 ppm) as a function of depth for a hydrostatic 
pressure gradient (0.1 atm/m) and several temperature gradients for a surface 
temperature of 15˚C (Kestin et al., 1978). 
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Figure 26:  Ratio of brine viscosity to CO2 viscosity as a function of depth for a 
hydrostatic pressure gradient (0.1 atm/m) and several temperature gradients (for a 
surface temperature of 15˚C). 

The average local displacement efficiency for CO2 displacing brine can be estimated 
from the Buckley-Leverett solution (Lake, 1989, pp. 130-133) for two-phase flow in one 
dimension.  Fig. 27 shows fractional flow functions calculated for the relative 
permeability functions, 
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where krw is the brine relative permeability, krg is the CO2 relative permeability, and the 
parameter, λ = 0.457.  The fluid properties used were for a depth of 800 m and a 
temperature gradient of 25˚C/km (82.1 MPa, 40˚C).  The critical gas saturation, the  
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Figure 27:  Typical fractional flow function for a viscosity ratio of 10. 

 

minimum saturation at which CO2 has nonzero relative permeability was taken to be 
0.05.  Three values of the irreducible water saturation, Swc, were used, 0.3, 0.2, and 0.1.  
Also shown in Fig. 27 are the tangent constructions that determine the leading shock 
saturation, which also determines the average saturation of CO2 behind the leading shock.  
As Fig. 27 indicates, the leading shock saturation is relatively insensitive to the assumed 
value of the irreducible water saturation, as is typical for displacements with adverse 
viscosity ratios larger than one. 

Fig. 28 summarizes Buckley-Leverett average saturations calculated for the fluid 
properties in Figs. 22-27 and the relative permeability functions in Eqs. (1)-(4).  Those 
average saturations increase with depth, and they increase more rapidly for higher 
temperature gradients, but they fall in a relatively narrow band, from about 22 to 26% for 
depths below 1000 m.  Thus, a reasonable estimate of the local displacement efficiency 
for CO2 displacing brine is roughly 25% in the absence of gravity and capillary pressure. 

It is unlikely, of course, that an entire aquifer would experience a displacement 
efficiency of 25%.  Instead, permeability variations and gravity segregation will act to 
reduce further the overall sweep efficiency.  To illustrate how these mechanisms  
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Figure 28:  Average saturations for a Buckley-Leverett displacement of brine by CO2 
at a depth of 800 m with hydrostatic pressure and a temperature gradient of 25˚C 
(40˚C and 82.MPa).  Three values of the irreducible water saturation were used (0.3, 
0.2, and 0.1). 

 

influence overall displacement efficiency, simulations were performed with a commercial 
simulator (Eclipse 100) for a homogeneous vertical cross section and for a layered two-
dimensional cross section with alternating high and low permeability layers.  The cross-
section was 5000 m in length and had a height of 100 m.  In the homogeneous cross 
section, the permeability was taken to be 250 md.  In the heterogeneous aquifer, the 
permeability in the high permeability layers was 500 md and that in the low permeability 
layers was 1 md.  The reservoir density of CO2 was 304 kg/m3, and that of brine, 1.01 
kg/m3.  The viscosity ratio (brine to CO2 was 28.5).  These properties correspond to an 
aquifer at a depth of about 800 m with a geothermal gradient of 30 C/km.  The resulting 
gravity number (defined as Ng = kg∆ρ/µwu) was 3.7.  Hence, this displacement was 
strongly affected by gravity because the permeability was high, the density difference 
was large, and the viscosity ratio was quite adverse.   

Figure 29 compares saturation distributions at the time that CO2 reached the end of 
the cross-section for the homogeneous and layered cross sections.  The effect of gravity 
in the two-dimensional displacement (Fig. 29a) is to increase the saturation of CO2 over 
that observed in the one-dimensional Buckley-Leverett displacements in the gravity 
tongue that forms at the top of the cross section.  In other words, gravity forces create a 
preferential flow path of high CO2 saturation with high mobility that has low average 
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(a) Homogeneous, average CO2 saturation at breakthrough, 5.3%. 

 
 
 

 
 

0           0.32502               0.65005 
(b) Heterogeneous, average CO2 saturation at breakthrough, 6.6%. 

 

Figure 29:  Permeability distribution for two-dimensional simulations of CO2 
injection into an aquifer. 

sweep efficiency.  The average CO2 saturation when CO2 breaks through at the right hand 
side of the cross section is 9.6%.  Thus, while the saturation of CO2 in the invaded zone is 
higher than that of a one-dimensional displacement, the average volume fraction of the 
aquifer displaced by CO2 is much smaller. 

In this example, in which gravity forces are quite important, the presence of 
heterogeneity actually increases average sweep efficiency over that observed for the 
homogeneous cross section.  Figure 29b shows that the presence of low permeability 
layers restricts the vertical movement of CO2 in a way that creates gravity tongues under 
each of the low permeability layers.  Because some CO2 can penetrate those layers, the 
average saturation in the gravity tongues is not as high as it is in the homogeneous 
displacement, and the average mobility of CO2, therefore, is somewhat lower.  The 
average displacement efficiency is still quite low, however, 11.4%.  While the average 
displacement efficiency of brine by CO2 in a particular aquifer setting will depend on 
many factors (fluid properties, the spatial distribution of permeability, injection rate, and 
so on), these simple estimates suggest that displacement of brine by CO2 will be 
relatively inefficient.  As a result, injected CO2 will penetrate longer distances than would 
be the case with higher average displacement efficiency, but there will be sufficient 
undisplaced brine to dissolve a significant fraction of the injected CO2.  For example, at a 
depth of 1000 m for the assumptions used in the density and viscosity estimates 
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described, the solubility of CO2 in a 15,000 ppm brine is about 1.5 mole percent (3.6 
weight percent) (Vikas, 2002).  If the density of CO2 is 0.65 g/cm3, and the density of 
water 1 g/cm3, then about 17.5 volumes of brine are required to dissolve one volume of 
CO2.   

In many settings a significant fraction of the CO2 will be trapped as a residual 
saturation by capillary snap-off (Roof, 1970) before it dissolves.  When injection ceases, 
slow gravity segregation of the CO2 phase will continue.  As CO2 migrates upward, it 
will be replaced by brine from below.  When CO2 saturations begin to decline, as they 
must when CO2 dissolves and when brine invades the CO2-saturated zone from below, 
bubbles of CO2 will be trapped in pores with high aspect ratios.  Investigation of the 
impact of capillary snap-off and relative permeability hysteresis will be undertaken in an 
attempt to delineate another of the time scales on which CO2 can be immobilized in the 
subsurface. 

Time and Length Scales during Gravity-Driven Convective Mixing of Dissolved CO2 
(Marc Hesse, Amir Riaz, and Hamdi Tchelepi) 
Introduction 
Because brine containing dissolved CO2 is more dense than brine alone, the driving force 
for upward vertical migration of CO2 disappears when all the injected CO2 has dissolved.  
This effect is often referred to as solution trapping (Lindeberg and Wessel-Berg, 1997; 
Ennis-King and  Paterson, 2003).  Gravity forces will cause the injected CO2 to move 
upward to the top of the reservoir or to intermediate flow barriers such as shales with low 
permeability.  To analyze the time scales for dissolution, we assume that the CO2 forms a 
layer that is separated from the brine below by a relatively sharp horizontal interface, as 
is illustrated schematically in Fig. 30.  Across the interface CO2 will dissolve into the 
brine to form a diffusive boundary layer that grows with time (Lindeberg and Wessel-
Berg, 1997).  The CO2-rich brine in this boundary layer is more dense than the 
underlying brine, and hence the geometric arrangement of dense fluid above less dense 
fluid will eventually become unstable.  Fingers of dense CO2-rich brine will propagate 
downward and transport the dissolved CO2 away from the interface.  This density-driven 
convection increases the rate of mass transport from the CO2-rich vapor into the brine, 
and therefore reduces the time required for the total dissolution of the CO2-rich vapor 
plume several orders of magnitude (Ennis-King and Paterson, 2003).  If the CO2 has 
collected in a hydrodynamic trap like that shown in Fig. 30, CO2 dissolution is a very 
important trapping mechanism.  It moves CO2 from a buoyant phase to a gravitationally 
stable phase, and it creates the possibility of capillary snap-off of residual CO2, as brine 
moves upward to fill the volume previously occupied by the CO2.  Hence, gravity-driven 
convection is an important mechanism that enhances solution trapping. 
 

The stability analysis has been extended and significantly improved compared to the 
project report for 2004 (Harris et al., 2004).  See also Riaz et al. (2005) for a detailed 
discussion of the analysis.  Here, we summarize the main results concerning time scales. 

In a closed aquifer, three dynamic regimes of mass transport can been identified from 
the evolution of the total concentration C in the aquifer (Fig. 31).  During the initial  
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Figure 30:  Fingers of dense CO2-rich brine, forming underneath CO2 brine interface. 
 

period of diffusive transport the amount of dissolved CO2 is proportional to t½.  After 
some time convection begins and fingers of CO2-saturated brine sink to the bottom of the 
reservoir and the amount of dissolved CO2 increases linearly with t.  As the total 
concentration of CO2 rises, the effectiveness of convective mass transport decreases and 
in the long term limit dissolved CO2 increases proportional to t½.  The timing of the 
second regime of vigorous convection determines the importance of dissolution trapping 
in a particular reservoir.  The time of transition from the first to the second regime is well 
defined by the onset of increased mass transport and will be referred to as the onset time 
ton.  The transition from the second to the third regime is marked by the fingers reaching 
the bottom of the domain, is less sharp and will be referred to as the slow-down time tslow.  
We will also distinguish the critical time tc after which the system becomes unstable and 
fingers can form.  The critical time is distinct from the onset time, but the two are 
strongly correlated.  Finally we have the time necessary for the brine in the reservoir to 
become completely saturated with dissolved CO2 tsat.  For practical purposes tsat is 
reached when the reservoir is 95% saturated. 

Analysis of Hydrodynamic Instability 
Convection in porous media is governed by the Rayleigh number Ra = k∆ρgH/µD 

defined by average properties of the porous medium, where k is the permeability, ∆ρ is 
the density difference, H is the height of the reservoir, µ is the viscosity, and D is the 
diffusion/dispersion coefficient.  In the context of a diffusive boundary layer it is useful 
to think of the non-dimensional time as an additional parameter, because all systems 
above the critical Ra number are initially stable and become unstable after a critical time.   
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Figure 31:  Evolution of the normalized total concentration C on the left, and its 
derivative on the right. 

 
This critical time is the only time scale that can be investigated analytically, because 

the equations can be linearized at early times.  The linearized equations give the 
following expression for the growth rate σ of a disturbance  
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where F(τ,s) ≥ 0, and s is the wavenumber of the disturbance (Riaz et al. 2005).  The 
dimensionless critical time τc is obtained by solving the scalar algebraic equation σ(τc;s) = 
0.  The equation clearly shows the stabilizing effect of short times and small Ra numbers.  
The theoretical results agree very well with a high accuracy numerical simulation of the 
full non-linear problem. 
 

The theory predicts the critical time tc and the critical wavelength λc, 
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in terms of the average aquifer parameters.  The permeability k has the largest variability 
between different injection sites, and will therefore control the convective transport.  The 
critical time and wavelength decrease rapidly with increasing k, suggesting that the 
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effects of convection will be much more important in high-k aquifers.  In the discussion 
that follows, we illustrate the differences between high-k and low-k aquifers by 
calculating the time scales for two hypothetical aquifers shown in Table V. 
In terms of CO2 sequestration we are interested in the timing of the second dynamic 
regime where the dissolved CO2 increases proportional to t.  Since tc is a lower bound for 
the onset time ton, the theoretical results have direct implications for the effectiveness of 
dissolution trapping.  The theory predicts that high-k aquifers will have very short critical 
times tc << 1yr.  Low-k aquifers on the other hand have longer critical times tc > 1yr, 
about 2 orders of magnitude higher than the high-k case. 
 

The theory also predicts the critical wavelength λc that becomes unstable first and 
starts growing.  In high-k aquifers these wavelength are very short λc < 1m, and again 
about two orders of magnitude higher in the low-k case.  Resolving these short length 
scales is a challenge for numerical methods currently used for reservoir simulation.  This 
is another example where the linear stability analysis complements numerical analysis, 
because it has no resolution problems, and it can be used to guide the design of numerical 
methods. 

Long Term Evolution 
To be able to resolve these small physical length scales, we used a high accuracy 

research code to simulate the long term behavior of the convecting system (Riaz A., and 
Meiburg E., 2003).  These numerical simulations allow us to determine the remaining 
time scales.  Fig. h3 shows numerical results for the concentration evolution at Ra = 
1000.  The concentration field during the second regime with high mass transfer is shown 
in the top picture.  All other pictures show the decay of convective motion during the 
third regime.  The onset time τon and the slow down time τslow can be determined from the 
graphs of dC/dτ vs.τ shown on the right in Figure .  For Ra > 500 the onset time scales 
with a slightly different exponent and a larger constant compared to tc. 

( ) 51511

56511

6215
Hgk

Dton ρ
φµ
∆

= .    (7) 

 
The dimensionless times for slow down and for full saturation are constant for all Ra 

> 500 and in dimensional form they are given by 

slowsatslow t
gk

Ht
gk

Ht ⋅≈
∆

=
∆

= 15230;15
ρ

φµ
ρ

φµ .   (8) 

Note that both the critical time tc is independent of the height H of the domain, and 
the onset time ton is only a weak function of H.  The two later time scales are positive 
functions of H.  Table V shows values calculated for the high-k and low-k aquifers.  A 
high-k aquifer will experience vigorous convection in the first 100 yrs, and dissolution 
trapping will be enhanced significantly. 
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  Table V:  Aquifer properties, time scales, and length scales. 
   high perm low perm 

permeability k 3400 mD 100 mD 

height H 200 m 200 m 

diffusivity D 10-9 m2s-1 10-9 m2s-1

viscosity µ 5⋅10-4 Pa s 5⋅10-4 Pa 
s 

porosity φ 0.3 0.1 

aq
ui

fe
r p

ro
pe

rti
es

 

density 
difference ∆ρ 5 kg m-3 5 kg m-3

 Rayleigh number Ra 58860 1962 

critical time tc 0.02 yrs 5 yrs 

onset time ton 0.08 yrs 208 yrs 

slow down time tslow 97 yrs 970 yrs 

tim
e 

sc
al

es
 

time for 
saturation tsat 1487 yrs 14867 yrs 

crit. wavelength λc 0.2 m 10 m 

le
ng

th
 

sc
al

es
 

final wavelength λsat O(H) O(H) 
 
 

 

Convection will saturate the aquifer with dissolved CO2 in the first 2000 yrs, 
assuming enough CO2 has been supplied by the CO2 vapor plume.  On the other hand in a 
low-k aquifer the time scales are much longer and convection may not occur for the first 
few hundred years.  Note that the vigorous part of the convection is already over in the 
high permeability aquifer, before it even starts in the low perm reservoir. 

Initially the dimensionless wavelength is a linear function of the Ra number, later it 
increases with time for all Ra numbers until it equals the domain height H.  Generally the 
wavelength is a function of the Ra number of the system in the first two regimes for t < 
tslow and only a weak function of Ra at later times.  The wavelength at very early times 
can be predicted from linear theory (see above), at late time it is determined by the 
geometry, but in the highly non-linear regime between ton and tslow high accuracy 
numerical simulations are necessary. 

Summary of Important Results 
We have identified four convective time scales, from linear theory and high accuracy 

numerical simulations: 
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1. The critical time tc∝ K-2, is the time after which small perturbations grow.  
The critical time is important because it gives an analytic lower bound on the 
onset of convection. 

2. The onset time ton∝ K-2.2, marks the transition from a diffusive to a convective 
regime of mass transfer, and corresponds to the appearance of the first fingers 
in the concentration profile. 

3. The slow down time tslow ∝ H/K, marks the transition to a less efficient 
regime of decaying convection, and corresponds to the first fingers reaching 
the bottom of the domain. 

4. The saturation time tsat ∝ H/K, is defined as the time when the normalized 
total concentration of dissolved CO2 in the aquifer has reached 95%. 

These time scales separate the convective evolution into three dynamic regimes, 
characterized by different rates of mass transfer.  The three regimes may be characterized 
as: 

1. In the diffusive regime (t < ton) the total concentration increases proportional 
to t½ , and the flux of CO2 decreases rapidly as t–½.  In the absence of the 
gravitational instability this would be the only regime. 

2. In the infinite acting regime (ton < t < tslow) the dynamics are independent of 
the domain size.  In this regime the total concentration increases linearly with 
t, and the flux of CO2 stabilizes around a plateau.  This is the most effective 
regime of mass transfer, and characterized by rapidly growing fingers with 
strong non-linear interactions. 

3. The finite acting regime (t > tslow), where the finite size of the aquifer 
influences the dynamics of convection.  This regime is characterized by large, 
slow convective cells. 

Finally we have determined two important length scales of the convective motion: 

1. The critical wavelength λc of the first growing perturbations in the stability 
analysis.  To resolve the evolution of the convective flow a numerical method 
needs to be able to resolve the critical wavelength. 

2. In the long term systems of all Ra numbers tend to the same convection 
pattern of large cells determined by the aquifer height. 

We have also demonstrated that the combination of linear theory and non-linear 
numerical simulations is very successful at identifying important physical processes and 
the associated length and time scales. 
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Implications for CO2 Sequestration 
We can therefore conclude that dissolution trapping will be enhanced by gravity 

driven convection in high permeability aquifers.  Whether the same process is considered 
important in low permeability aquifers will depend on the length of the overall storage 
time that is necessary.  Given that convection enhanced dissolution is an important 
process in high permeability aquifers, numerical methods should be able to represent the 
physical length scales.  Theory predicts a very short the critical wavelength λc for high-
permeability aquifers, i.e. for Sleipner type aquifers λc ~ 1m.  These short length scales 
represent a challenge for the numerical simulation of this process on the field scale and 
over long times.  The work by Lindeberg and Bergmo (2003) illustrates the effect 
insufficient numerical resolution on the evolution of the convective mass transport.  
Using the Eclipse simulator, they determined that 3 cm by 4 cm grid blocks were 
necessary to resolve the onset of convection.  As they coarsened the numerical grid to a 
more realistic size for field scale simulation of 100m by 100m, they observed a delay of 
the onset of convection from 2yrs to 100yrs, a change of two orders of magnitude.  They 
studied the Sleipner injection site, which is very similar in properties to the high-k aquifer 
described in Table V.  We can see that the coarsening of the grid causes a shift in the time 
scales that makes the high-k case to look more like the low-k case.  Given that convection 
enhanced dissolution is one of the important trapping mechanisms at the Sleipner site, the 
issue of numerical resolution has to be addressed. 

Disclaimer 
The simplifications necessary to treat the problem theoretically may introduce 

significant errors when such results are applied to real aquifers. The important 
assumptions are the homogeneity and isotropy of the porous medium, as well as the 
assumption of the single phase flow and the absence of velocity induced dispersion. The 
assumption of single phase flow will break down if capillary forces are significant. 
Additionally, physical mechanisms related to dissolution, precipitation and geochemical 
reactions, which are not accounted for in our analysis, can be expected to play a role in 
the long term evolution.  Some of these processes may be incorporated in the linear 
stability analysis, while others can only be investigated with high resolution non-linear 
simulations. The results for the basic gravitational fingering instability presented here, 
form the basis to investigate the effect and importance of these additional processes. 

Compositional Streamline Simulation of CO2 Injection into Saline Aquifers (Kristian 
Jessen) 

Compositional streamline simulation offers an efficient approach to modeling the 
injection phase of CO2 storage in saline aquifers.  For given temperature, pressure and 
salinity, the solubility of CO2 in the aquifer and the amount of water vapor that is present 
in  a CO2-rich phase in equilibrium with CO2 saturated brine can be predicted by a 
standard equation of state using slightly modified binary interaction coefficients.  Density 
of the brine phase can also be predicted quit accurately using an appropriate set of 
temperature dependent volume translation parameters.  Given that the system in question 
is a binary system, very efficient calculation of the phase behavior in compositional 
simulation can be performed using a K-factor lookup table generated prior to performing 
the streamline calculation.  During the initialization of a given flow calculation,  
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Figure 32:  Equilibrium K-factors for CO2 – Brine (250000 ppm) at 25 C. 
 
temperature, salinity and expected pressure range are estimated and a one dimensional 
table is generated for the equilibrium K-factors as illustrated in Fig. 32. 

Figure 32 shows the equilibrium K-factors of a CO2-Brine system at 25C as a 
function of the system pressure. At low pressures, the K-factors vary substantially but at 
higher pressures , there are smooth variations in both equilibrium constants.  Using 
lookup tables, rather than performing a full PT-flash calculation in each grid block at 
each time step, reduces the equilibrium calculation to an analytical calculation of the 
mole fraction of vapor from the Rachford-Rice equation.  Given the mole fraction of 
vapor, the compositions of the two phases can be calculated and phase properties (density 
and viscosity) subsequently evaluated. 

 The lookup-table approach has been implemented in the compositional streamline 
simulator CSLS and tested for a 518400 grid block model. To illustrate the efficiency of 
compositional streamline simulation, a 4500m by 4500m by 160m section of an aquifer 
was represented by a 180x180x16 computational grid.  The permeability distribution of 
the aquifer in question is shown in Fig. 33. The average permeability is 100mD and the 
average porosity is 0.3. 
 

The initial pressure at the top of the aquifer is 90 bars, and CO2 is injected at 150 bars 
in the center of the domain for 10 years.  Figure 34 shows the saturation distribution at 
the end of the injection period. 

In this setting, flow of the injected CO2 is strongly affected by gravity and 
permeability heterogeneity.  The injected CO2 rises to the top of the formation where the 
flow of the plume is then restricted to high permeability zones. 
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    Figure 33:  Permeability distribution for calculation example (Kz = 0.1 Kx = 0.1 Ky). 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
                   Figure 34:  Gas saturation distribution after 10 years of injection 
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 The CPU requirement for running the injection calculation was approximately 1 hour 
on a desktop PC.  The modest computation time clearly demonstrates the potential of 
compositional streamline simulation for prediction of CO2 injection in saline aquifers that 
allows for uncertainty assessment through multiple realizations of the model parameters 
in a reasonable time frame.  An equivalent finite difference calculation is not currently 
feasible due to the global time step restriction in IMPES models and the more diffusive 
nature of fully implicit (FIM) and adaptive implicit (AIM) schemes that may render the 
displacement calculations inaccurate.  This example computation demonstrates, therefore, 
that high resolution, three-dimensional, field-scale streamline simulations can be 
performed with quite reasonable computation times. 
 
Enhanced Coal Bed Methane Recovery and CO2 Sequestration (Tom Tang, Wenjuan Lin, 
and Tony Kovscek) 

The mechanisms of gas adsorption, desorption, and transport through coal beds are 
not yet elucidated to the same level of detail as mechanisms of EOR.  Our previous 
analytical study of the flow of multicomponent gases through coal (Zhu et al., 2003) 
predicted interesting interplay between the adsorption properties of coal surfaces and the 
advance of individual gas species.  For instance, injection of pure CO2 into a linear coal 
pack leads to virtually 100% production of the original methane in place prior to the 
breakthrough of CO2.  Injection of mixtures of N2 and CO2 into a methane filled pack are 
predicted to be separated by the coal bed as CO2 adsorbs more strongly to coal surfaces 
and is preferentially retained by the coal bed. 

Last year’s report (Harris et al., 2004) presented our initial efforts towards an 
experimental program to verify model predictions.  Experimental measurements are also 
needed to provide ground-truth results for comparison to further enhanced model 
calculations.  To date, we have measured the adsorption behavior of gases on coal 
surfaces, quantified the change in coal bed permeability as a function of pure and mixed 
gas injection, and conducted transient displacement experiments to characterize the 
dynamics of gas flow through coal beds.  Thus, this portion of our experimental effort has 
equilibrium, steady state, and transient components.  

All measurements have been conducted with a single, large sample of coal from the 
Powder River Basin, WY.  The coal sample originates from a coal bed at a depth of 900-
1200 ft.  The coal sample as received was extensively fractured and broken into small 
pieces, filled with formation water, and contained some clay or shale.  The small size of 
intact pieces precluded the use of core samples.  The coal was ground to a particle size of 
about 60 mesh and the internal surface area of the coal was exposed.  The ground 
samples were preserved in desiccators under vacuum to avoid surface oxidation.  The 
mean size of the coal particles is 0.25 mm.  The ground coal material was relatively easy 
to use.  Coal particles were formed into a coal pack by pressing the ground coal into 
cylindrical shapes.  
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Table VI:   Coal pack data 
 #1 #2 

 
#3 

use adsorption-
displacement 

adsorption-
displacement 

steady-state 
permeability 

Size of coal particle, 
cm 

0.025 0.025 0.025 

Length, cm 25.0 25.0 30.5 
Diameter, cm 4.25 4.25 2.54 
Porosity, % 44 37 19 
Permeability (helium), 
md 

144 43 36 

Weight of coal, g 218 231 114 
 

Gas analyzer Gas flowmeter

Gas flow
control meter

PC

Vacuum pump

To vent

Electronic balance

Coal holder

CO2 or N2 or
mixture of two

Pressure gauge

Are valves

Back pressure
regulator

 

Figure 35:  Schematic of experimental components for adsorption, permeability, and 
displacement tests. 

 

Figure 35 is a schematic of the experimental apparatus.  The centerpiece of these 
studies is the coal pack of 25 cm length and 4.25 cm diameter.  Porosity and permeability 
of each pack are measured with helium as reported in Table VI.  It is assumed that helium 
does not adsorb to the coal surface.  For adsorption and displacement studies, the coal 
was packed directly into an aluminum tube.  This tube contains sampling ports along its 
length to provide measurements of flowing gas composition along the length of the 
apparatus.  
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igure 36:  Photograph of inner stainless steel supporting coreholder (lower) and 
 

For measurement of steady state permeability, coal was first packed into a viton 
rub steel 

e 

At the inlet of the coal pack holder, either a gas flow rate controller for gas injection 
rate

vel. 

sent 

 Specific experimental procedures are recorded prior to reporting results from each 
typ of

 gas 

ment of 

Adsorption Isotherms 
 Dry Coal.  All experiments were conducted at 22 °C.  The coal pack was 

connected to the gas-supply cylinder directly through a pressure regulator during 

 
F
outer pressure vessel (upper).  A viton sleeve packed with coal is placed within the
supporting coreholder.  
 

ber sleeve and this sleeve placed inside of a support sleeve made from a stainless 
tube with numerous perforations.  The rubber-sleeve stainless steel assembly was placed 
within an outer holder so that various confining pressures could be applied to the coal 
pack, as illustrated in Figure 36.  This second holder allows us to separate the affect of 
permeability reduction in the coal pack from that of the confining pressure.  Steady-stat
measurements were conducted at a constant difference between confining and pore 
pressure. 

 at test pressure, or a pressure regulator is used.  The pressure drop across the coal 
pack is measured via pressure transducer to the nearest 0.1 psi (0.7 kPa).  A back-
pressure regulator at the coal pack outlet elevates the test pressure to the desired le
Downstream of the back-pressure regulator, a gas-flow rate meter measures the gas 
production rate at standard conditions.  The effluent gas from the flow meter is then 
to a gas analyzer to measure the fraction of each gas species in the mixture.  

e  measurement: adsorption, permeability, displacement efficiency.  After 
completion of an experiment or measurement, a vacuum pump is used to remove
from the coal pack.  The coal pack holder is placed on an electronic balance that 
measures the weight of the coal pack holder.  Gas removal is verified by the attain
the original mass of the coal pack. 
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measurement of adsorption/desorption properties.  The outlet of the coal pack holder was 
clo d.  reduce 

est 

ht 

  Langmuir adsorption constants. 
 Vm (SCF/ton) b α 

se   Except for the pressure transducer, all other components were removed to
dead volume.  The coal pack was subjected to gas from the cylinder at a constant t
pressure.  When the weight was constant, it was recorded.  The pore volume of the coal 
pack and gas compressibility versus pressure are known.  We calculate the weight of free 
gas in the coal pack (Wf).  The total weight at an equilibrium state (Wt) minus the weig
of free gas is the weight of adsorbed gas (Wa).  The coal pack holder was then subjected 
to a greater pressure to measure adsorption.  This continued until a maximum adsorption 
was attained or in the case of CO2, the pressure approached the critical pressure of CO2.  
For desorption, the process was reversed.  The pressure in the coal pack was gradually 
released and adsorbed gas mass was measured.  A minimum of 24 hours was allowed 
between the stabilization of weight and the establishment of a new equilibrium pressure. 
The total adsorbed gas was then converted into gas volume at standard conditions.  

 

Table VII:

CH4 714.8 0.0029  
CO2  1666.7 0.0062 
N2 263.2 0.0025  
CH4+CO2 .2006 (CH4/CO2)   0
CH4+N2 .15 (CH4/N2)   3
CO2+N 5.705 (CO2/N ) 2   1 2

 

The Langmuir isot  is used to correlate results for each gas, herm

                                             
)1( bp

V
+

= ,   pVm    (9) 

where V is the gas adsorption at the test pressure, 
constant), b is also a con e absolute pressure. For s
coal was made moist by adsorbing water vapor prior to measurements. 

N2 
ereas open 

symbols are for desorption.  The curves are the best-fit using the Langmuir-isotherm, 
Tab

ure 
 

ia to 

Vm is the maximum gas adsorption (a 
stant.  p is th ome measurements, the 

Figure 37 presents adsorption/desorption curves versus pressure for CH4, CO2, and 
at zero initial water saturation.  Closed symbols represent adsorption wh

le VII.  It appears adequate for description of pure gas adsorption/desorption 
behavior. For methane, the maximum adsorption of 550 scf/ton, is reached at a press
less than 1200 psia.  There is significant hysteresis between adsorption and desorption
curves. During desorption there is little response to pressure decline from 1200 ps
250 psia. The majority of methane desorbs at pressures below 150 psia.  Thus, methane 
production from coal bed reservoirs by a depletion process must reach quite low 
pressures to release methane from coal surfaces.  
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Figure 37:  Adsorption/desorption characteristics of Power River Basin (Wyoming) 
coal for  nitrogen, methane, and carbon dioxide. Measurements conducted at 22 °C. 

 
 

hysteresis and follow a Langmuir-type relationship.  While hysteresis may be detrimental 
 methane recovery during primary depletion, it has benefit during CO  sequestration. 

Hys

sure 
te that 

ly 

 
ity is the least among the three test gases.  Nitrogen 

desorption shows less hysteresis, in an absolute sense, than that observed for carbon 
dio e 

  For 
g to 

Carbon dioxide adsorption/desorption curves versus pressure also display significant

to 2
teretic CO2 loading and unloading in Fig. 37 indicates that coal surfaces retain 

significant volumes of CO2 even though they may experience pressure reduction.  
Moreover, carbon dioxide adsorption is significantly greater than methane at the same 
pressure.  The maximum carbon dioxide adsorption is about 1500 scf/ton at the pres
of 840 psia.  That is, roughly 2.5 times the loading of methane at that pressure.  No
the critical pressure for carbon dioxide is about 1070 psia.  Our apparatus is not current
configured for supercritical CO2, but supercritical adsorption properties are clearly an 
area for future investigation. 

The nitrogen adsorption/desorption behavior displays characteristics similar to CH4
and CO2.  Its adsorption capac

xide and methane.  Comparison of nitrogen and carbon dioxide curves teaches that th
coal surface holds nearly 6 times the volume of carbon dioxide relative to nitrogen.
strictly enhancing coal bed methane recovery, nitrogen injection may be favored owin
lesser loss of the injectant to the coal surface. 
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Figure 38:  Scanning loops for adsorption and desorption of methane from Powder 
River Basin coal.  Desorption curves depend on the initial pressure (given in 
parentheses) where depressurization begins. 

One question is the dependence of the desorption characteristics on the initial pressure of 
the coal sample.  Figure 38 illustrates that for methane, the desorption isotherm followed 
by 

 gas 
components. Adsorption characteristics of a N /CO  mixture were measured to verify use 

 

The adsorption hysteresis displayed by all gases raises several interesting questions. 

any gas during pressure reduction is a function of the initial pressure of the coal bed. 
This is similar to so-called scanning loops measured for capillary pressure as a function 
of water saturation for rocks and soils.  Carbon dioxide and nitrogen may display similar 
scanning loops.  This dependence on initial pressure is still to be investigated.  

Mixed Gases on Dry Coal.  In our modeling effort, we are using the extended Langmuir 
equation (Markham et al., 1931) to describe the adsorption behavior of multiple

2 2
of the extended Langmuir approach. The adsorption of component i is predicted as 
 

     
j

j
j

iiim
i Pb

PbV
V
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           ,      (11) 
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The symbol V is gas adsorption, P is partial pressure, Vm is the saturation adsorption 
 the f  gas mo

e adsorbed gas mole fraction.  

ium, free gas was sampled to measure the gas 
composition.  This yields the free gas mole fraction and pressure.  Thus the partial 
pre

xamine 
the 

 

, 
 

scf/ton 

constant, b is a constant, y is ree le fraction, α is the selectivity ratio, and x is 
th

A mixture of carbon dioxide and nitrogen was injected into the coal pack at a given 
pressure.  After reaching equilibr

ssure for each gas in the pore space is known.  With the selectivity ratio calculated 
from Eq. (12), we calculate the adsorbed gas mole fraction.  With Eq. (10), we e
each gas at the test pressure.  Figure 39 gives the measured adsorption isotherm for 
binary system (48% N2=52% CO2).  As expected, nitrogen adsorption is much less than
carbon dioxide.  This is reasonable because carbon dioxide has a selectivity ratio, 
α, approximately equal to 15 (CO2:N2), (Table VII).   Compared to pure carbon dioxide
the carbon dioxide adsorption for the binary gas system is less because nitrogen occupies
some adsorption sites.  For example, at 800 psia, carbon dioxide adsorption is 840 
for the mixed gas case, but it is about 1600 scf/ton for pure carbon dioxide.  At the same 
time, nitrogen adsorption also decreases from 250 to 80 scf/ton for pure to mixed gas 
cases.  Nevertheless, Fig. 39 illustrates that predictions from the extended Langmuir 
equation, given as solid lines, reasonably approximate the measured loadings as a 
function of pressure, symbols. 
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Figure 39:  Adsorption of a 48% N2 and 52% CO2 mixture on Powder River Basin 
Coal. Symbols are measurements and solid lines are predictions from the extended 
Langmuir equation. 
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Moist Coal.  Moist coal is sometimes reported to have different adsorption propertie
 dry coal (Joubert et al., 1973; Clarkson and Bustin, 2000).  Generally, once the 

isture content is abov

s 
than
mo e some threshold, say 5%, moist coal adsorption properties are 
constant (Joubert et al., 1973).  In order to study the effect of initial water saturation on 
gas adsorption, methane, carbon dioxide, and nitrogen adsorption were measured in moist 
sam

or 
e 

0%, and the methane 
adsorption approaches maximum at a lower pressure.  Similar effect is also observed for 
nitr

 gas 
greatest 

ples.  The water phase is 0.5% NaCl.  The initial water saturation is about 8-9% and 
is established by flushing the coal pack with humidified nitrogen.  When the desired 
initial water saturation is reached, the coal pack is then vacuumed to remove dissolved 
and adsorbed nitrogen.  Because nitrogen has less affinity for coal surfaces than water 
and is only sparingly soluble in water, nitrogen is easily removed.  The initial water 
saturation is then established by weighing the coal pack. 

Figure 40 compares the adsorption curves with and without initial water saturation f
methane, carbon dioxide, and nitrogen, respectively.  The results show that the presenc
of an initial water saturation does reduce methane, carbon dioxide, and nitrogen 
adsorption.  Maximum methane adsorption decreases by 3

ogen. The maximum nitrogen adsorption also decreases by 33%.  The effect of initial 
water saturation on carbon dioxide adsorption is markedly less.  The maximum 
adsorption only decreases by about 15%.  The effect of initial water saturation on
adsorption may be related to the gas solubility in water.  Carbon dioxide has the 
solubility in water among these gases.  
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Figure 40:  Comparison of the effect of moisture on the adsorption of CO2(Swi = 
8.47%),  CH4,(Swi = 8.67%), and N2 (Swi = 8.54%) on coal surfaces. 
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Coal Permeability versus Gas Composition 
Steady-state coal pack permeability as a function of the composition of the gas 

injected was measured in the adsorption cell and in the sleeved coreholder, Fig. 36, where 
the difference between the overburden and pore pressure was kept fixed at 400 psi.  The 
compositions of the injected gases are as follows:  pure CH4, pure N2, 25% CO2+75% N2, 
50% CO2+50% N2, 75% CO2+25% N2, 85% CO2+15% N2, and pure CO2.  For pure 
gases, we used bottled laboratory gases. Gas mixtures were prepared in the laboratory 
from pure gases.   Mixtures were made according to partial pressure and the mass of the 
pressure cell loaded with gas.  We made the mixtures to have a total pressure of 800 psi. 
Permeability is calculated using Darcy’s Law applied to compressible single phase 
systems: 

    kg =
2000µgqg pgL

Ac [( p1 + p2 )( p1 − p2 )]
,    (13) 

where, kg is the absolute permeability of the coal pack, mD, µg is gas viscosity, cp, qg is 
gas flow at atmosphere pressure, cm3/s, pa, is standard atmospheric pressure, atm, is 
length of the coal pack, cm, Ac is cross sectional area of the coal pack, cm2, and p1, p2 are 
inlet and outlet pressures of the coal holder, atm. 

 
and esults are shown 
in Fig. 41 that plots permeability versus pore pressure.  It is seen that the permeability of 

creases in all cases.  That is, as the amount 

a a 
ationship. Preliminary results are encouraging and summarized next. Let 

permeability reduction be defined as ki/k, where the subscript i denotes the initial helium 
per oading of nitrogen from F
monolayer of coverage on the coal surface.  Next, the fractional coverage of the coal 

 

correlates with the fraction of the coal 
surface covered with adsorbed gas.  One implication of Fig. 42 is that permeability 
reduction of the coal pack is not a result of swelling of the coal matrix, but occurs  

 L

First, measurements are reported where the difference between confining pressure
 pore pressure is fixed at 400 psi as the pore pressure is increased.  R

the coal pack decreases as the pore pressure in
of gas adsorbed increases, the permeability decreases.  The permeability reduction with 
pressure is small for N2, somewhat greater for the various mixtures, and greatest for pure 
CO2.  For the mixed gases, the decrease in permeability with pressure is greatest for 
mixtures with large fractions of CO2.  Permeability did not decrease substantially for the 
mixtures where the CO2 concentration is 25%, 50% and 75%; on the other hand, 
permeability decreases more significantly for the mixture where CO2 concentration is 
85%.  Results in Fig. 41 illustrate that a small fraction of nitrogen in the injection gas 
serves to preserve coal pack permeability. 

We have exerted some effort to represent these permeability reduction results vi
simple rel

meability.  The maximum l ig. 37 is assumed to define a 

surface at every pressure corresponding to a measurement of ki/k was calculated. The 
cross-sectional areas of molecules are set to 16.2 Å2 for N2, 19.5 Å2 for CO2 and 17.7 Å2

for CH .  Figure 42 displays the result.  A fractional coverage greater than 1 implies that 
multiple layers of gas molecules, relative to nitrogen, have adsorbed on the surface. For 
pure gases, it appears that permeability reduction 

4
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Figure 41:  Permeability of coal pack versus pore pressure for pure and mixed gases. 
The confining pressure minus the pore pressure is constant at 400 psi for all 
measurements. 

 

Figure 42:  Fractional coverage of coal surface versus permeability reduction factor 
for pure gases. The surface area occupied by the maximum loading of nitrogen 
defines a coverage ratio of 1. 
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bec lume of 
adsorbed gas. These results are encouraging and suggest that results for mixed gases 
might be similarly reduced to a characteristic curve.  

Displacement experiments are conducted in the same cell as that used for adsorption 
measurements because it provides the opportunity to sample free gas along the length of 
the coal pack.  Hence, the effect of CO2 pressure on steady-state permeability was also 
determined for this set up.  The experiments are conducted at a constant pressure from 
low to high.  The coal pack is saturated with carbon dioxide for about 12-24 hours and 
allowed to reach equilibrium.  Carbon dioxide was then injected at a constant rate at test 
pressure.  When the displacement reaches steady-state, we record the differential pressure 
and flow rate. Results are processed according to Eq. (13) and presented in Fig. 43.  As in 
the constant net confining pressure experiments, the permeability decreases with 
pressure.  The permeability decreases quickly at pressures less than 300 psia. Thereafter, 
the permeability decreases slowly.  Recall the carbon dioxide adsorption curve indicates 
that adsorption increases most dramatically at pressures less than 300 psi.  The 
permeability reduction is related to the adsorption process.  When carbon dioxide is 
adsorbed, it can be assumed to be in a pseudo-liquid state.  We may assume that carbon 
dioxide molecules coat the coal particle surfaces, like a liquid film and do not move. 
Thus, an increase in the thickness of carbon dioxide may block flow paths.  At 800 psia, 
carbon dioxide adsorption is about 15 grams.  If the liquid carbon dioxide density is used 
(about 0.7 g/cm3), we estimate that adsorbed carbon dioxide volume is about 21 cm3. 
Thus, for the test coal pack, the effective porosity reduces by roughly 15%.  

ause the pore space of the coal available to carry free gas is reduced by the vo
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Figure 43:  Permeability reduction versus pressure for CO2 in the adsorption cell. 
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Gas Displacement 
Displacement of coal bed methane was conducted under a variety of conditions. The 

coal pack was always 100% saturated with methane and allowed to reach equilibrium 
prior to a displacement test.  

Pure CO2.  In the first set of experiments, pure CO2 was injected at a variety of 
pressures.  The carbon dioxide was compressed to a pressure equal to pore pressure in a 
cylinder equipped with a piston. Gas was displaced from the cylinder by injecting water 
at a fixed volumetric rate using a high pressure syringe pump (ISCO 500D).  Tests were 
conducted at pressures ranging from 200 to 800 psia. The gas composition and outflow 
rate was measured versus time.  Figure 44 shows the produced carbon dioxide 
concentration profile versus injected volume at the four different pressures.  The carbon 
dioxide breakthrough time was similar for all cases; however, after breakthrough, effluent 
carbon dioxide concentration behaved differently.  At high pressure, the effluent 
concentration increases sharply, indicating that the displacement is more piston-like. 
When the pressure is lower, the effluent carbon dioxide concentration is more dispersed. 
As a result, the methane production rate at high pressure is greater than that at low 
pressure. This result may be related to the instantaneous carbon dioxide adsorption rate. 
The observed behavior is consistent with the idea that at high pressure, the adsorption 
rate is fast, which shortens the time for carbon dioxide to replace methane from coal 
surfaces.  

The sampling ports along the length of the coal pack allow us to measure the 
composition of the free gas during tests.  Figure 45 displays a typical result for gas 
composition measured at fractions of 0.2, 0.4, 0.6, 0.8, and 1 along the length of the core. 
In this experiment, the injection pressure was 420 psi and the coal was free of moisture. 
Upon reaching a sam
free g

ithin the coal pack evolved quickly to become nearly pistonlike, an 
ind

 following displacement tests were conducted at 600 psia. 
Again the initial coal pack state was 100% saturated with methane. The injected gas 
com

 
 

ed. The 
ne 

 than  

pling port along the core, the concentration of carbon dioxide in the 
as increased rapidly and smoothly to the injection composition of 100 %. The flow 

of carbon dioxide w
ication that methane was displaced efficiently.  

Gas Mixtures.  All of the

position was varied as 100% N2, 75% N2+25% CO2, 50% N2+50% CO2, 25% 
N2+25%, and 100% CO2, respectively.  The binary injection gas (N2+CO2) was prepared
in the high pressure cylinder equipped with a piston. Pure nitrogen was first injected into
the cylinder at a given pressure, and thus the total moles were known. Then carbon 
dioxide was injected into the cylinder. After the mixing process was completed, the 
composition of the mixture was checked using a gas analyzer.  

Pure nitrogen was injected first.  Figure 46a shows the effluent gas concentration 
versus the injected gas volume, PVI. At PVI<0.41, only pure methane was produc
nitrogen broke through to the outlet at PVI=0.41. Thereafter, both nitrogen and metha
were produced until 2.9 PVI. Between PVI equal to 0.41 and 0.58, produced methane 
concentration decreased linearly from 100% to 60%.  For injection volumes greater
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cm3/min at standard conditions. 
Figure 44:  Effect of pressure on CO2 elution from coal pac

 

 
Figure 45:  CO2 concentration versus time as sampled from various locations along 
the length of the coal pack.  
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Figure 46:  Elution of CO2, N2, and CH4
mixtures: (a) pure N2, (b) 75% N2+25% CO
N2+85% CO2, (e) pure CO2. 

 
 
0.58 PVI, methane concentration in the  effluent
only nitrogen was detected in the effluent 
inje

 resulting from the injection of various gas 
2, (c) 46% N2+54% CO2, (d) 15% 

 gas gradually tailed to zero. At PVI=2.9, 
gases, and no methane was produced.  We 

ind
cted nearly 3 PV of nitrogen to displace all the movable methane.  This behavior 
icates that methane recovery by injecting nitrogen is a slow process.  
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Results for injection of 75% N2+25% CO2 are presented in Figure 46b.  Nitrogen 
broke through at 0.38 PVI, which is about 0.03 PVI earlier than the breakthrough time for 
pure nitrogen. Carbon dioxide, however, broke through at roughly 4 PVI.  At the same 
time, the methane concentration in effluent gases decreased with time and reached zero at 
3.4 PVI.  

Apparently, the coal surfaces are effective at separating N2 and CO2.  We offer the 
following qualitative explanation of the observed behavior.   When a nitrogen/carbon 
dioxide mixture is injected, the carbon dioxide functions mainly to displace methane 
from coal surfaces, whereas nitrogen serves as a displacing agent to drive methane from 

enon 
reveals that the carbon dioxide adsorption approaches a maximum value. At 4.8 PVI (end 
of test), the produced carbon dioxide concentration is about 5%, which is still less than 
the injected concentration, Indicating that most of the injected carbon dioxide adsorbs on 
the coal surfaces. Material balance verifies this statement. 

The carbon dioxide concentration in the injected gas was next increased to 54%. 
Results are given in Fig. 46c.  Nitrogen broke through at 0.33 PV, which is 0.05 PV 
earlier than the breakthrough time for injection of a mixture with 75% N2 and 25% CO2. 
The carbon dioxide broke through at 2.2 PVI, which is about one pore volume earlier 
than for injection of the mixture of 75% N2+25% CO2.  Also the concentration of carbon 
dioxide in the effluent increased quickly from 0 to 44%, which is close to the injected 
value.  At 2.7 PVI, methane production was complete.  Comparison of the results in Figs. 
9b and 9c suggests that increasing the carbon dioxide concentration in the mixture 
improves methane production. Carbon dioxide does breakthrough earlier, however. The 
material balance calculation shows that the total injected carbon dioxide at 2.2 PVI was 
about 14.2 grams, which is slightly greater than the equilibrium adsorption value at 600 
psi.  This indicates that there was some carbon dioxide gas in pore spaces.   

Figure 46d gives the effluent gas concentration versus injected gas volume for 
methane displacement by a mixture with 15% N2+85% CO2.  For this case, the nitrogen 
broke through at 0.55 PVI, which was later than previous tests.  As in the previous cases, 
the nitrogen served primarily as a displacing agent to drive methane from the pore spaces. 

 briefly 
entration.  This result occurred because the injected carbon 

ioxide adsorbs on the coal surfaces, and the volume of methane released is less than 
ads
that
produced gas was elevated.  The greatest nitrogen concentration in the effluent gases was 
bout 66% at 1.69 PVI. Thereafter, the produced nitrogen concentration decreased to 
5% gradually. Carbon dioxide broke through to the outlet at 1.7 PVI. Carbon dioxide 

s 
bon 

ated at 2.2 PVI.  

the coal pack. At greater than 3.5  PVI, carbon dioxide  breaks through to the outlet. Note 
that methane is undetectable in effluent gases at greater than 3.3. This phenom

After nitrogen breakthrough, its concentration increased quickly and was even
greater than the injected conc
d

orbed carbon dioxide.  Note that adsorption of carbon dioxide is about 2.5 times of 
 for methane at the same pressure.  Thus, the concentration of nitrogen in the 

a
1
concentration in the effluent gases then increased sharply to the injected value of 85%.  
The total carbon dioxide injection at breakthrough was about 19.5 grams. This value i
much greater than its equilibrium adsorption at 600 psia, indicating that there was car
dioxide in the free gas state at breakthrough.  Methane production termin
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Figure 46e presents the results for pure carbon dioxide injection.  First, carbon 
dioxide broke through at 1.45 PVI.  At breakthrough, 19.97 grams of carbon dioxide had 
been injected.  This value is the similar to that for injection of 15% N2+85% CO2. 
Excluding the free carbon dioxide in pore spaces, the amount of adsorbed carbon dioxide 
was nearly equal to its equilibrium adsorption, verifying that the displacement of methane 
by pure carbon dioxide is nearly piston-like.  Results displayed in Figs. 11 and 12 show 
that the adsorption of carbon dioxide onto coal surfaces to replace methane is very fast 
and approaches local equilibrium. Methane concentration in the effluent gases reached 
zero at PVI=2.0.  

Methane Recovery.  Figure 47 shows the methane recovery for all of the tests.  Gas 
injection is effective in enhancing the recovery of methane from coal beds, at laboratory 
scale, at least.  When pure nitrogen is the displacing gas, methane production is fast for 
less than 1 PVI because the majority of injected gas contributes to displacement. 
However, the methane recovery versus gas injected is not linear in all cases.  The 
pressure drop associated with displacement was less than 10 per cent of the system 
pressure, indicating that compressibility is not a major affect.  The nonlinearity in the 
recovery curves may arise from the hysteresis between adsorption and desorption of 
nitrogen.  As the injection gas moves through the coal pack carbon dioxide is removed 
from the free gas, which increases the concentration and partial pressure of nitrogen in 
the free gas.  Nitrogen adsorbs onto coal surfaces at a partial pressure greater than the 
nitrogen partial pressure in the injection gas.  As the carbon dioxide bank trailing 
nitrogen saturates the coal surface, the partial pressure of nitrogen decreases and nitrogen 
desorbs. 

 
Figure 47:  Methane recovery for the various tests with different injection gases. 
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lume curve is concave for all mixtures containing nitrogen after 0.7  PVI.  
This behavior is likely a result of methane desorption and competition of mixed gases for 
the

ll the adsorption of mixed 
gases on Powder River Basin Coal. 

ere, 

 

formed on coal surfaces varies with the pH of water and the coal source.  On the other 

Figure 47 shows that the total methane recovery was about 92% for injection of pure 
nitrogen.  As carbon dioxide composition increased, the methane recovery increased 
reaching almost 96% for pure carbon dioxide.  Note that the methane recovery versus gas 
injected vo

 coal surface.  The test results show that methane recovery potential increases with 
carbon dioxide composition of the injection gas.  

Summary 
1. Pure methane, carbon dioxide, and nitrogen adsorption on Wyoming Powder 

River Basin coal is well represented by the Langmuir isotherm.  The 
adsorption capacity of carbon dioxide is about 2.5 times greater than methane 
and 4 times greater than nitrogen.  

2. The extended Langmuir equation represents we

3. Coal pack permeability varies with the composition of the gas injected.  H
permeability reduction is consistent with a finite volume of adsorbed gas 
reducing the pore volume available for flow. 

4. Injection of pure carbon dioxide into a coal pack results in piston-like 
displacement of methane.  Pure nitrogen injection results in a more dispersed 
advancing front.  

5. In general, breakthrough times for carbon dioxide are greater than 1.5 PVI, 
whereas for nitrogen they are about 0.5 PVI, indicating that either gas is an 
effective displacement agent for coal bed methane. 

6. Methane production enhanced by the injection of a gas mixture becomes more 
effective as the fraction of carbon dioxide in the injection gas increases. 

 

Wettability of Coalbeds (Tony Kovscek and Tanmay Chaturvedi) 
Coal is a heterogeneous mixture of carboniferous plant remains and minerals. These 

plant remains form coal macerals that are discrete organic entities in the coal with 
characteristic chemical and physical properties.  One such property is wetting behavior,
or wettability, as it is commonly termed.  Wettability is of interest because it will 
influence contact of CO2 with coal surfaces, and hence it may affect the rate at which 
equilibrium adsorption of CO2 takes place. 

The wettability of coal is relatively well studied in the literature because of the 
importance of flotation to coal processing.  Measurements of the contact angle, as 
measured through the water phase, range from 20 to 100 ° (e.g., Gutierrez-Rodriguez et 
al., 1984, Arnold and Aplan, 1989; Gowiewska et al. 2002).  The nonzero contact angle 
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han a 

carbon 

y 
 a function of the salinity and pH of water is warranted.  Additionally, 

there is relatively little understanding of the wettability of solid coal surfaces that have 
gas

s 
anistic 

ter 
ibition 

gle that is calculated for various pH using the Derjaguin-Frumkin equation 
(Hirasaki, 1990).  Computation of relatively small contact angles suggests that the liquid 
spreads more readily and that imbibition rate is relatively large, and vice versa.  The 
primary input to the Derjaguin-Frumkin equation is the so-called disjoining pressure 
isotherm.  It is a manifestation of surface forces that allow thin films to coat solids.  The 
disjoining pressure characteristics of many practical systems are calculable from DLVO 
(Derjaguin, Landau, Verwey, Overbeek) theory (Israelachvili, 1991).  

Modeling a CO2-Coal Surface 
As discussed above, we are most interested in CBM systems in the presence of CO2. 

To begin, we have assumed that the gas is at pressures less than the critical pressure.  It 
follows that the major impact of CO2 at these pressures is reduction in the pH of the 
solution.  This is explained by the formation of carbonic acid H2CO3.  First, the 
wettability of coal as a function of pH is estimated.  In the literature (Kelebek et al., 
1982), the contact angles measured on a coal surface go through a maximum at a pH of 4 
as pH is varied from 1 to 12.  Our calculations to follow seek to reproduce such 
dependencies.  

DLVO theory suggests that the interaction forces between a solid surface and a gas-
water interface are either attractive or repulsive.  The disjoining forces have three 
components: (1) structural forces, (2) van der Waals forces, and (3) electrostatic 
interactions originating from the overlap of ion clouds at each interface.  The sum of 
these forces (F , F , F ) results in the disjoining pressure, Π, between the surfaces. 

d, some of the inorganic mineral matter in coal, so-called ash, is water wet.  On 
percentage basis by weight, ash may range typically from virtually zero to 20%.  Thus, 
while a coalbed may be initially filled with water, the coalbed is largely formed of 
in the form of coal that is not strongly water wet as evidenced by contact angles that are 
significantly greater than zero. 

Although the literature on coal flotation is not necessarily relevant to gas and water 
flow properties of coal, these data do indicate that careful consideration of the wettabilit
of coal surfaces as

es such as CO2 and methane adsorbed to them.  This facet of our studies is directed 
towards understanding wettability of coal surfaces, so that we gain an improved 
understanding of the interplay of adsorption, wettability and multiphase flow in coal bed
containing carbon dioxide.  Our first steps are oriented toward developing a mech
understanding of coal water wettability as a function of solution pH. 

The water in a coalbed may vary from acidic to neutral to basic.  Dissolved gases 
such as CO2 reduce the pH of the water by forming carbonic acid.  A typical CO2-
saturated water has a pH of 3.5.  We have therefore concentrated our efforts on 
understanding the effect of pH on wettability of coal surfaces.  Wettability of porous 
media, such as coal, is directly proportional to the ease with which the coal imbibes wa
spontaneously.  We quantify wettability experimentally in terms of the rate of imb
of water by coal.  Additionally, wettability is obtained from first principles in terms of the 
contact an

h A d   
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Structural forces explain repulsion as two molecules come near each other.  When the 
thic

e 

 

e 
are modeled as exponentially 

decreasing with increasing thickness of the film, h.  These are taken to be of the form  

 

k film ruptures it forms a thin layer on the coal surface.  This thin layer has 
dimensions of a few water molecule diameters.  As the layer cannot be thinner then th
diameter of a water molecule, the structural forces are modeled so as to become 
substantially repulsive at 0.3 nm, which is the diameter of a water molecule.  Churaev
and Derjaguin(1984) have also suggested an attractive component to the structural forces 
for hydrophobic surfaces.  We have, however, retained the conventional purely repulsiv
picture of structural forces.  The forces in general 

    hF = sA exp −
h

oh

⎛ 

⎝ 
⎜ 

⎞ 

⎠ 
⎟  ,    (14) 

epends upon the type of system andwhere As d  ho is the decay length.  We have used 
values as suggested by Hirasaki (1990) who states that a typical value of h is 0.05 nm. 

Van de istance between any two surfaces.  For 
thin film

  

o 

r Waals forces are dependent on the d
 interaction, van der Waals forces are given as (Buckley et al., 1989): 

  AF = −
A

12πh3( )
*

15.96 *
h

λ
+ 2

⎛ 
⎝ 
⎜ 

⎞ 
⎟ 
⎠ 

2
1+5.32*

h

λ
⎛ 
⎝ 
⎜ 

⎞ 
⎠ 
⎟ 

 ,    (15) 

where ‘h’ i een the gas-water interface and the coal surface, A is the 
Hamak
most sy m  
as explaine

The
ionic ch
calculated 
harge. Mathematical expressions were developed by Gregory (1981) for both cases as 

termediate case. 

s the distance betw
er constant, and λ is the London wavelength that is approximately 100 nm for 
ste s.  The Hamaker constant may be measured or calculated by Lifshitz theory

d in detail later.  

 two surfaces of a colloidal thin film may interact as a result of the presence of 
arge on these surfaces.  The forces between the two surfaces are usually 

by modeling the surfaces as either constant potential or constant surface 
c
well as an in

The constant potential case, as developed by Gregory, is formulated in terms of 
surface potentials as:   

   dF = bn * k * T *
2 1ϕ 2ϕ cosh κh( )+ 1

2ϕ + 2
2ϕ( )

2
sinh κh( )

⎛ ⎞ 
⎟ 

  ,    (16)  

 two 

⎝ 

⎜ 
⎜ 

⎠ 
⎟ 

The constant charge case, as the name suggests, assumes constant charge on the
surfaces.  
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    dF = bn * k * T *
2 1ϕ 2ϕ cosh κh( )− 1

2ϕ − 2
2ϕ( )

2sinh κh( )⎛ 
⎝ 
⎜ ⎞ 

⎠ 
⎟ 

 ,    (17) 

where ϕ1 and φ2 are reduced potentials that are written as 

      1ϕ = e 1ξ

kT( )
,    (18) 

and 

      2ϕ = e 2ξ

kT( )
.    

In Eqs, (16) to (19), the symbol κ is the inverse Debye length (κ =
2n 2

(19) 

εkT
be⎛ 

⎜ 
⎞ 

.5

⎝ ⎠ 
⎟ ), ζ is the 

surf nt 
the 

rature is 

ace potential that is commonly taken as the zeta potential, k is Boltzmann’s consta
(1.38*10-23 J/K), nb is the ion density, e is the electronic charge (1.6*10 -19 C), ε is 
electric permittivity (1.48x10-9 C2/N-m2), and T is absolute temperature.  Tempe
assumed constant at 300K. 

According to Gregory (1981) most cases lie somewhere in between the constant 
potential and constant charge case.  He proposed a linear superposition of the two cases 
giving:  

     Fd = 64nbkT 1ϕ 2ϕ exp −κh( ) ,   (20

with 

      1ϕ = tanh 1

) 

ξ

4

⎛ ⎜ ⎞ ⎟  ,   
⎝ ⎠ 

 (21) 

and  

      2ϕ = tanh 2ξ

4

⎛ 
⎝ 
⎜ ⎞ 

⎠ 
⎟  .    (22

Calculation of the wettability of a surface is accomplished by first summing the 
individual contributions of thin-film forces to the disjoining pressure: 

   

) 

  .   (23) Π(h) = Fh (h) + FA (h) + Fd (h)

Direct integration of the augmented Young-Laplace equation of capillarity 

      Pc = σCm + Π(h) ,    (24) 
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where Cm is the interfacial curvature yields the following relationship between  
equilibrium contact angle , θ, and disjoining pressure (Derjaguin, 1940) 

     cosθ = 1+
1

σ
π h( )dh

h

∞
∫ + hπ h( )

⎛ 

⎝ 
⎜ ⎜ 

⎞ 

⎠ 
⎟ ⎟  .    (25) 

Again, h is the equilibrium film thickness of interest. 

Model Results 
A numerical code was developed to calculate the disjoining pressure curve and the 

contact angles for the variety of conditions expected. 
num on and the ze
surfaces.  Using DLVO theory and the definitions of different forces we calculate the 

q. 

 The disjoining pressure isotherm is calculated for h ranging from 0.01nm to 
100nm. 

lated based on a limiting thickne
if the limiting thickness is h=a, the area under the disjoining pressure curve is 
calculated from h=a to h=100nm.  

e 
al 

odel compares well with data collected by Li and 
Som p 

 Uncertainty exists regarding values of the Hamaker constant and structural forces 
rele he -water system.  We have modeled these ph ca uanti s for 
coal-water-CO2 system based on limited data available in the literature.  A sensitivity 
analysis is summarized to determine and predict the parameters that most influence 
wettability and to what extent. 

c forces as compared to the other components.  For the case of coal and acidic 
water, it was seen that the forces become more attractive with increasing salinity. 

 The input parameters are the 
ber of ions formed, molar concentrati ta potential values at the two 

disjoining pressure curve, Eq. (23).  This is then used to calculate the contact angle, E
(25). The algorithm is summarized as  

 Calculations assume constant potential. 

 Contact angles are calcu ss of thin film; hence, 

 Finally, π(a)a  is added to the integral and then θ is calculated.  

For generality, calculations were made for a number of thicknesses assuming the film to 
be 1 to 4 layers of water molecules. 

Several inputs are needed to conduct calculations of wettability using Eq. (25). Thes
include zeta potential at different pH values, the Hamaker constant, and the structur
force parameters.  The zeta potential data for the vapor-water surface is taken from 
Karakker and Radke (2002).  They developed a model for the interface based on the 
Gibb’s adsorption isotherm. This m

asundaram(1991).  For the coal water surface we used the ionizable surface grou
model developed by Valverede et.al. (2003).    

vant to t  coal ysi l q tie the 

The salinity decides the molar ion density and therefore the strength of the 
electrostati
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Exam pendencies are shown in Fig. 48.  The contact an
sali rding to Eq. (25).  Figure 48 illustrates an im
Consider a film on an uncurved surface, Cm equal to 0.  Equation (24) then indicates that 
Pc is equal to Π.  For positive nonzero capillary pressures, all equilibrium films, 

 order 0.4 nm.  Thus, water 
does not form thick wetting films on such surfaces and contact angles are strictly nonzero 
for 

ple de gle decreases with increasing 
nity, acco portant aspect of coal surfaces. 

corresponding to the curves in Fig. 48 are quite thin and of

such Π versus h relationships. 

 

Figure 48:  Variation in disjoining ity. 
 

pressure with salin

Hamaker constants are computed in terms of the refractive index and the dielectric 
edia (Israelachivili, 1991).  The Hamaker constant based on this 

theory is found as the sum of two terms, the static dielectric term and a second term 
eva tants at im
equation is written as: 

permittivity of the m

luated on the basis of using dielectric cons aginary frequencies. The 

A =
4kt
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⎜ 

. (26) 
⎟ 

Here ε are the dielectric constants and n are the refractive indices. The subscripts 1 and 3 
represent the different phases, solid and vapor, and the subscript 2 represents the 
sep

t for a given 
system.  However for significant pH variation from 3 to 12, Eq. (26) indicates that the 

pends on the d
the coal surface and the vapor.  Amongst these, the dielectric properties of water 
experience the most significant change with variation of pH (Weast, 1983).  

arating medium, water.   

In the literature Hamaker constants are generally assumed to be constan

Hamaker constant varies because it de ielectric properties of the medium, of 
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Representative disjoining pressure and contact angle calculations were made
assuming firstly a constant Hamaker constant 10

 
rly varying 

Hamaker constant.  In the latter case, the linear variation of A is from 1x10 -20J at a pH of 
-20 J at a pH of 12.  Figure 49 summarizes result

different coals is also presente
pH yields contact angle functionality most similar to the experimental data presented in 

pH of 4 and coal becomes 
progressively more water wet as the wetting solution becomes more basic or acidic. 

-20 J and secondly a linea

3 to 2x10 s.  For reference, measured 
contact angle data for two d.  A linear variation of A with 

the literature.  A maximum contact angle is found at a 

 
Figure 49:  Summary of example calculations for contact angle on a coal surfac
reference, literature trends (Kelebek, 1982) are also indicated. 
 

The disjoining pressure calculations presented in Fig. 48 indicate that water films on 
coal surfaces are quite thin, possibly on the order of one or seve

e. For 

ral layers of water 
mo t.  

 
3 

 
ll and the contact angle is always nonzero. 

Exp

eous 
imbibition of water into coal, the imbibition rate should be a function of solution pH.  As 

lecules. In this case, short-range structural forces within thin films become importan
As stated earlier, the values of As and ho are system dependent. For the coal, water, and
CO2 system these values have not been studied.  The magnitude of As was varied over 
orders of magnitude to check impact on contact angle calculations.  Sensitivity of the
computed contact values is sma

erimental Investigation 
The modeling and literature review presented above suggests that the contact angle of 

coal surfaces varies with the chemistry of the wetting solution. In terms of spontan
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the contact angle changes, so does the rate of imbibition. Our experimental effort was 
aimed at verifying the above predictions. 

The coal used was from the Powder River Basin, Wyoming.  It was extracted
well at a depth of 900-1200 ft below ground surface. Unfortunately, samples were brok
into small pieces and unsuitable for use as cores.  The coal was ground to a size of 60 
mesh (mean size 0.25 mm) so that 
experime

 from a 
en 

powdered coal could be formed into coal packs for 
nts.  The powdered coal was compressed and forced into a polyvinyl core 

holder.  Each end of the core holder is capped with stainless steel mesh of a size small 
enough to retain coal particles.  Two cores were constructed identically to allow dual 
experiments to be conducted. 

The apparatus consisted of the coal pack fixed into a core holder that imbibed water 
at different pH. The endcaps of the core holder were constructed so as to allow for 
counter or co-current imbibition. During a countercurrent experiment, water flows 
through the endcap and across the face of the coal pack.  The endcap contains a 5 mm 
gap through which water flows and provides a supply of fresh water at the face of the 
coalpack.  Figure 50 shows the core holder filled with powdered coal and the end caps.  
Figure 51 is a schematic of the assembly of the experimental components.  The data 
collected were the mass of water imbibed versus time and photographs of the position of 
the imbibition front in the transparent coal pack.  Mass versus time was recorded 
automatically on a PC. 

 
Figure 50:  The core holder, coal pack, and endcaps. 
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Figure 51:  Schematic of the experimental apparatus. 
  

Solution pH was the main parameter examined to date.  The pH set studied was 3, 7, 
and 10.  The theoretical model developed suggests that the contact angles should be 
greater for the more acidic solution.  That is, the more acidic the solution, the slower is 
the rate of water imbibition.  

The procedure was relatively simple.  The coal pack was dried under vacuum or at 
leas
illu coal pack is 
countercurrent, the balance was zeroed, data collection begins, and the pump circulates 
water through the endcap and across the face of the coal pack at a rate of 5 cm3/min.  The 
flow

 
 

irtually the 
entire period of imbibition until the weight gain plateaus. The experiment at pH equal to 

ies in data collection at early time and some data is missing. 
For

 f
t 48 hours until core weight became constant.  The system was then assembled as 
strated in Fig. 51.  The valves were set so that flow through the 

 through the endcap merely provided water for imbibition into the coal pack.  It did 
not create a pressure gradient to force imbibition into the pack. 

Figure 52 presents the results for spontaneous imbibition at pH’s of 3 and 7.  The 
mass imbibed versus the square root of time is plotted consistent with classical imbibition
theory (Handy, 1960; Akin et al. 2000).  The total time elapsed was about 7 days. The
results for a pH of 7 are linear with respect to the square root of time over v

3 encountered some difficult
 data analysis, we must, thus, use the later time trends for this pH.  
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Figure 52:  Imbibition of water of pH equal to 3 and 7 in a powdered coal core. 

 
Classical water imbibition theory is used to interpret the data collected.  Handy 

(1960) derived an approximate equation correlating the mass of water imbibed, m, with 
capillarity and wettability that reads  

    µϕρ /2 tSkPAm wcw= ,    (27) 

where ρw is the density of water, A is the cross sectional area, Pc is the capillary pressure, 
k is the permeability, φ is the porosity, Sw is the saturation, µw is the viscosity of water 
and t is the time. The slope of the lines, with respect to t1/2, is then ρwA 2PckϕSw /µ . 
Next, the Leverett J-function, Eq. (28), is substituted into Eq. (27) 

     ( )wc SJ
k

P ϕθσ cos=  .    (28) 

Among different pH solutions, Pc differs by a factor of cosθ because J(Sw) is unique 
for similar coalpacks and the interfacial tension, σ, is sensibly independent of pH. So 
from imbibition data collected at two different pH’s, we obtain the following ratio of 
mass imbibed 
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     m1
m2

=
cosθ1Sw1t1
cosθ2Sw2t 2

⎛ 

⎝ 
⎜ 

⎞ 

⎠ 
⎟  .    (29) 

All quantities, except the ratio cosθ1/cosθ2 are measured.  These measurements then 
indicate the relative change of contact angle with pH.  For the data reported in Fig. 52, 
the ratio of the slopes of the lines representing each pH is 0.7.  We equate that ratio to 
cosθ1/cosθ2 and choose a reference contact angle of 37° representing a coal surface at pH 
equal to 7, as indicated in Fig. 49.  The ratio of cosines then indicates a contact angle of 
56 degrees at pH equal to 3.  This increase in contact angle as the aqueous solution 
becomes more acidic agrees with the trend in Fig. 49 for CB coal. 

Future Work  
The preliminary results reported are encouraging.  Fundamental calculations of the 

wettability of coal surfaces appear to be corroborated by measurements of spontaneous 
imbibition behavior of coal packs.  In the short term, imbibition experiments need to be 
conducted at pH equal to 10, and all measurements need to be repeated.  Then, further 
experiments need to be performed at intermediate pH to ascertain better if the 
functionality indicated for contact angle versus pH is found experimentally.  Experiments 
also need to be conducted with some initial water content in the coal pack.  On the 
modeling side, we need to increase our understanding of how the Hamaker constant 
varies with pH.   

A primary assumption has been that carbon dioxide at conditions less than critical 
affects only the so ter initially 

turates a coal pack or coal core sample, CO2 is then used to drive water from the coal to 
a lo

ns.  

2

2 may be supercritical.  It would be important to 
und

lid, transport in 
enh  of 

er 
flooding of oil reservoirs (Johansen and Winther, 1988 and 1989).  Recently, Zhu, et al. 

lution pH.  Experiments should be conducted where wa
sa

w initial water saturation, and then water is allowed to imbibe spontaneously.  This 
should better match conditions encountered during ECBM and sequestration operatio

Additionally, for ECBM processes in deep coalbeds, CO  injection is at very high 
pressures.  In such cases the CO

erstand how supercritical CO2 behaves in comparison to gaseous CO2 at lower 
pressures. 

 

Analytical Theory of Three-Component Flow in a Coal Bed (Carolyn Seto and Kristian 
Jessen) 

In coal systems where the local equilibrium assumption is va
anced coal bed methane recovery (ECBM) is convection-dominated.  The analysis

wetting behavior in the previous section and the estimates reported last year of 
equilibration times for small fracture spacing in coal beds (Harris et al., 2004, pp. 138-
142) suggest that for some coal beds, at least, it is reasonable to make the equilibrium 
assumption.  If so, the displacement problem can be described by a system of coupled, 
first-order, hyperbolic equations, which can be solved analytically using the method of 
characteristics.  This technique has been employed in solving similar classes of transport 
problems, ranging from adsorption chromatography (Rhee et al., 1970) to polym

GCEP Technical Report 2005 http://gcep.stanford.edu



(2003) applied this method to model recovery in coal beds via gas injection.  Adsorption 
and desorption of gas from the coal played a key role in transport in these systems.  This 
analysis only considered single phase gas systems; any water present was assumed to be 
immobile.  In many systems under consideration for ECBM (e.g. Powder River basin, 
Wyoming; Ardley Formation, Alberta; Bowen basin, Australia) coals are water saturated.  
Transport of the water component must be considered when modeling ECBM in these 
systems.  Since adsorption capacity is a function of pressure (more gas is adsorbed at 
higher pressures than at lower pressures), coals that have not been dewatered have a 
greater capacity for sequestration over coals that have been dewatered and are at a lower 
hydrostatic pressure.  In conventional CBM production of water saturated coals, 
depressurization is achieved through large amounts of water production (San Juan:  100-
300 bbl/d water/well, Powder River:  200-500 bbl/d/well).  In many cases, produced 
water is saline (San Juan:  14,000-40,000 tds), creating a water disposal issue.  In these 
settings, ECBM is an alternative recovery process that could reduce the need to produce 
and dispose water. 

 
Analytical solutions can be useful in isolating physical mechanisms and delineating 

the physics of the displacement.  Analytical solutions can also be combined with 
streamline methods (Seto et al., 2003), resulting in a computationally efficient tool for 
modeling ECBM in field scale projects.  Such a tool will be useful in the planning stages 
of a development because it allows rapid assessment of optimal sequestration scenarios 
and in the permitting and approval process, in which the ability to perform flow 
simulations of multiple geological realizations for risk and uncertainty analysis will have 
value.  In this section, analytical solutions are derived for two-phase flow in binary and 
ternary ECBM systems.   
 
n t

of gas in the water phase have a negligible effect on 
water phase density.  A similar assumption is made about the effect of water 

 
5. Adsorption and desorption of gas on the coal surface is described by an extended 

, 

Mathematical Model 
n n  the material ba

 

I his analysis, the following assumptions are made: 
1. Flow occurs in one dimension, 
2. The porous medium is homogeneous, 
3. Gravity and capillary effects are considered negligible, 
4. Dissolution of small amounts 

vapor in the gas phase,

Langmuir isotherm, 
6. Henry’s Law can be used to evaluate solubility of gas in water (Cui et al., 2004)

and 
7. Water does not adsorb onto the coal surface. 

  

For a system with Nc compo e ts, lance for component i is: 

0=
∂
∂

+
∂
∂

ξτ
ii HG ,                                    (30) 

iDLiDLgiDGi aSxSyG
φ

φρρ −
++=

1 ,                                       (31) 
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( )Di uH LiDLgiDG fxfy ρρ += ,                                            (32) 

Lφ
tvinjτ = ,                                                               (33) 

L
x

=ξ ,                                                                  (3

 
where G

4) 

muir 

 

i is the overall molar concentration of species i, Hi is the molar flux of species i, 
and aiD is molar concentration of species i adsorbed, described by an extended Lang
isotherm (Yang, 1987), 

∑
=

PybV

+
= adsN

i
ii

iimiriST
iD c

Pyb
a

1

1

ρρ .                                          (3

 
The amount of component i adsorbed depends on the equilibrium gas composition.  As
consequence of this formulation, the amount of gas adsorbed along a tie line is constant.  
Dimensionless parameters are scaled against density of the injected fluid. 
 

In the analyses by Johansen and Winther (1988, 1989), changes in molar density as 
the injected fluid propagates th

5) 

 a 

rough the system and mixes with the resident fluid were 
not

 

into an eigenvalue problem in which the eigenvalues are the wave velocities at which the 
com

cedure outlined by Dindoruk (1992) was used to decouple the system.  Two 
subsystems result:  one for unknowns in composition space, and the other for the local 

ow velocity.  The decoupled system is  
 

 considered.  Their analysis was for an immiscible polymer-oil system, in which 
volume change is not significant.  In this analysis, changes in molar density are 
considered, because volume change effects are expected to be significant as gas 
propagates through and is adsorbed onto the coal.  As a result, local flow velocity varies
spatially and must be determined as part of the solution.  This system can be decomposed 

position propagates, and the corresponding eigenvectors represent the direction of 
variation in composition space. 
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Initial compositions and the injection gas composition are constant.  Together with 
the material balance equations, a Riemann problem results.  Solutions connecting the 
injection state to initial state may consist of a series of continuous and discontinuous 
segments (shocks).  These segments are assembled to yield a unique and physical 
solution by applying the velocity rule and entropy condition, as outlined by Johns (1992). 
 
Binary System 

For the binary system, the eigenvalue (normalized by the local flow velocity) in th
two phase region is 

 

e 

dS
df

=*λ .                                                           (39

 
In this system, compositions can vary only along tie lines, along which 
 

) 

1=
ηd

dS .                                                          (40

 
Quadratic relative permeabilities were used in this analysis.  Figure 53 shows the 

variation of eigenvalues in the two phase region.  At phase boundaries, the eigenvalue 
approaches zero.   

) 
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Figure 53:  Eigenvalue variation along a tie line. 
 

 the single phase region, the normalized eigenvalue is 
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Figure 54:  Variation of eigenvalues as a function of composition in the 
single phase region.  A shock will form when high concentration CO
injected into a low concentration CO2-H2O reservoir. 

 
The adsorption function used in this analysis is a positive, concave-down functio

As a result, normalized eigenvalues in the single phase region will always be greater than 
zero.  Therefore, a shock must occur as compositions enter and leave the two pha
region.  The landing point from the single phase region into the two phase region is found
through solution of the shock balance, 

 

du

dudu HHHH 2211 −
=

−
=Λ ,                                            (4du GGGG 2211 −−

2) 

oning of components between phases.  From 
enry’s Law 

 
where u is the upstream state and d is the downstream state. 
 

K-values were used to describe partiti
H

iii xhPy = ,                                                        (43) 

P
h

K i
i = ,                                                          (44) 

where hi is the Henry’s Law constant.  The values used in these examples were chosen to 
allow clearer portrayal of the features of these displacements.  In real CH4-CO2-H2O 
systems, K-values of CO2 and CH4 are much higher, w

eal values result in substantially lower solubilities of CO2 and CH4 in the aqueous 
on.  When more realistic values are used, 

the features of the displacement (e.g. shocks, r
the same, however.  The locations of these features will just be scaled appropriately to the 
phase behavior of the system. 

hile that of H2O is much lower.  
The r
phase, increasing the size of the two phase regi

arefactions, zones of constant state) remain 
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ing 

servoir fluid.  A slow trailing shock occurs at the upstream end of the displacement.  To 
ture with conventional numerical simulation, a high resolution grid is 

req
ction conditions and initial conditions.  Adsorption of CO2 onto the 

surface, with the accompanying volume change, slows down the speed of the shock. 
 

Figure 55 shows the solution profile for injection of CO2 into a water saturated core.  
For the displacement illustrated in Fig. 55, M = 10, ρGD = 1,  ρLD = 2, KCO2 = 1.2, and 
KH2O = 0.1.  Shocks are required to enter and leave the two phase region.  The lead
shock saturation is low due to the unfavorable mobility ratio between injection gas and 
re
capture this fea

uired.  It should also be noted that there is an approximately 20% decrease in flow 
velocity between inje
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Figure 55:  Saturation (Sg) and composition (mole fractions zH2O, zCO2) profiles 
for 100% CO2 injection into water saturated system. 

 
Ternary System 

The key features of the binary displa ber of 
ponents is incre cement, the 

cement are preserved when the num
ased to three.  In the two phase region of the displacom

eigenvalues and corresponding eigenvectors are: 
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iLDi xρβ = ,                                                            (50) 
and 

iDi a
φ

φδ −
= .                                               

ribes the variation in composition and χ

1       (51) 

 
χ1 desc variation in adsorption. 

ontinuous solutions are possible along tie line and non-tie line paths.  Figures 56 and 57 
sho

  

2 describes the 
C

w the variation of eigenvalues in saturation and composition space.   
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Figure 56:  Eigenvalue variation as a function of Sg. 
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        tie line paths 
        non-tie line paths 

Figure 57:  Integral curves of the eigenvectors (composition paths) in the two 
phase region.  Composition paths are projected onto the mobile phase 
concentration plane. 

 
Solutions for two displacements are presented.  In these displacements, M = 10, ρGD = 

1,  ρLD = 2, KCH4 = 3.0, KCO2 = 1.2, and KH2O = 0.1. 
 
Displacement 1.  Strongly adsorbing gas injected into a saturated, weakly adsorbing gas 
system.  CO2 rich gas injected into a low CO2 saturated water.  
 

The  
 is con

e path is traced from the injection composition to the initial composition.  
As .  

The saturation profile for this displacement is shown in Fig
position varies from injection state to initial state, local flow velocity decreases by 

ximately 30%.  As the more strongly adsorbing CO2 propagates through the 
reservoir, it is removed from the mobile phase.  This slows down the leading shock.  
Replacement of CH4 by CO2 on the coal surface creates a b
downstream.  Due to the unfavorable mobility ratio between water and the injection gas,  

 solution path for this displacement in composition space is shown in Figure 58. 
structed from a series of shock segments.  Figure 59 presents the variation in It

eigenvalues as th
composition is traced from upstream to downstream, the velocity rule is violated

Therefore, a shock is required to connect injection and initial states.  Compositions 
upstream and downstream of the shock are found by solving the shock balance, given in 
Eq. (42). 

 
ure 60.  As the 

com
appro

ank of CH4 that propagates 
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CCH4

 CCO2H2OC

 
Figure 58:  Displacement of low saturated CO2 aqueous phase by rich CO2 
gas in composition space.  From injection composition a shock is required 
to enter the two phase space.  This is followed by a rarefaction along the 
injection tie line.  Injection composition is connected to initial composition 
by a shock.  This is followed by a genuine shock to the initial state. 
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Figure 59:  Eigenvalue variation between injection and initial states.  For 
composition variation from the injection state to the initial state, eigenvalues increase.  
This violates the velocity rule.  A shock must form to connect these two states. 

initial 
zCH4 = 0.39 
zCO2 = 0.08 
zH2O = 0.53 

4
zCO2 = 0.9 

downstream 

upstream 

injection 
zCH  = 0.1 

zH2O = 0 
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Displac as 

stem.  CH4 O2 saturated water. 

e injection composition. 

ar

Figure 60:  Solution profile for Displacement 1. 

ement 2.  Weakly adsorbing gas injected into a saturated, strongly adsorbing g
 rich gas injected into Csy

 
breakthrough occurs at a low saturation (27%).  An evaporation shock occurws at the 

pstream end of the displacement to connect the profile to thu
 

The solution structure in composition space is shown in Figure 61.  In this solution, 
e initial composition is connected to the injection composition by a continuous th

v iation.  As the composition path is traced from initial state to injection state, 
eigenvalue variations satisfy the velocity rule, and hence a continuous variation is an 
allowable path (Figure 62).  The corresponding saturation profile is presented in Figure 
63.  As CH4-rich gas propagates through the reservoir, partial pressure is reduced, CO2 
desorbs, producing a bank of CO2 at the leading edge of the displacement.  As CO2 is 
desorbed, local flow velocity increases slightly, since there is a small amount of CO2 
dissolved in the aqueous phase. 
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CCH4

 CCO2CH2O

 
Figure his 
displac  is 
require  initial 
tie line
continu  tie line, and 
inally a shock from the two phase region to the injection composition. 

 

 61:   Displacement of low saturated CH4 aqueous phase by rich CH4 gas.  T
ement is controlled by the initial tie line.  From initial composition, a shock
d to enter the two phase space.  This is followed by a rarefaction along the
.  Injection composition is connected to the initial composition through a 
ous variation between tie lines.  A path switch occurs at the injection

f
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Figure 62:  Variation of eigenvalues in Displacement 2.  Eigenvalues incre
downstream conditions to upstream conditions.  Continuous variation between states 
is permissible. 
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Figure 63:  Solution on gas decreases 

artial pressure, creating a bank of CO  that propagates downstream.  As it travels 

ed.  In the continuous variation 
etween tie lines, there is a slight increase in wave velocity.  This is due to desorption of 

 

Sum

are 

 
 

gly adsorbing gas by a less strongly adsorbing gas 
component (e.g. N2 injection in CH4 saturated reservoir) occurs by a continuous 
variation.  Displacement occurs due to reduction of partial pressure in the system.  

The low solubility of water in injection gas results in a slow trailing shock at the end 
of the displacement.  To completely displace all water in the system, a large amount of 
gas must be injected. 
 
 
 

 profile for Displacement 2.  The CH4 rich injecti
p 2
through the system, there is a subtle decrease in CO2 concentration.  To capture this 
feature numerically, a hig-resolution grid would be requir
b
CO2.  Since there are more molecules of CO2 adsorbed per molecule of CH4, volume is
added as CO2 desorbs from the system, increasing the local flow velocity.   
 

mary 
The analytical theory for three-component, two-phase, convection-dominated 

displacements has been extended to include adsorption effects.  These solutions 
useful in understanding the interplay between adsorption-desorption phenomena and 
recovery in ECBM processes.  Displacement in a reservoir saturated with a less strongly
adsorbing gas by a more strongly adsorbing gas component (e.g. CO2 injection into CH4
saturated reservoir) occurs through a series of shocks.  Adsorption of injection gas 
reduces local flow velocity, slowing down the shock speed.   

Displacement of a more stron
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Future Work 
The next step is to extend the three component theory to model four components.  

The four-component system could model injection o re N2 and CO2 into a CH4-
saturated coal bed containing water).  In addition, w  quantitative comparisons 
of model predictions with the experimental observa d, and we will couple the 
analytical solutions with a streamline model to allow t computations for three-
component, two-phase flow in heterogeneous coal beds. 

 

Summary 
The results presented in this section focus on the two geologic sequestration settings 

that are less well understood:  deep saline aquifers and coal beds.  Simple estimates of 
displacement efficiency in aquifers suggest that capillary trapping of CO2 as a residual 
phase and dissolution will both contribute to immobilizing CO2 injected into the 
subsurface, but they will do so with different time scales.   The time scale for dissolution 
depends strongly on the permeability of the aquifer.  For aquifers in which the 
permeability is relatively high, gravity-driven convection can speed dissolution 
significantly over diffusio e scale for capillary trapping and the 
dependence of the trapped n the maximum saturation of CO2 have not yet 
been estimated, but that will be inves ted next.  In addition, example calculations have 
now demonstrated that the streamline approach can be used to perform three-dimensional 
computations of aquifer displacements including the effects of gravity and solubility of 

other 

ions and 
xperimental results suggest that coal is not strongly water wet, and hence injected CO2 

should be able to contact it efficiently.  In addition, an analytical solution for flow of a 
two-component gas along with water sets the stage for streamline simulations of flow in a 
coal bed, at least for those settings in which it is reasonable to assume that chemical 
equilibrium is established quickly between gas in the fractures and the coal matrix. 

 
The investigations described here blend experiments, analysis, and simulation to 

delineate and quantify the physical mechanisms that control flow behavior in the 
subsurface.  The ability to predict that behavior is fundamental to building understanding 
of the long term containment of the CO2 and to the design of effective processes for 
sequestration.
 

f a mixtu
e will make
tions reporte

 very fas

n alone.  The tim
 saturation o

tiga

CO2.   
 
Measurements of the adsorption and desorption of CO2, methane, and nitrogen on a 

coal sample confirm that CO2 is much more strongly adsorbed than either of the 
gases.  Displacement experiments demonstrate that CO2 recover methane efficiently and 
can be separated from nitrogen as it flows through a coal pack.  Calculat
e
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Subsurface Monitoring of CO2 Storage 

Investigators  
Jerry M. Harris, Professor, Geophysics Department; Youli Quan, Research Associate, 
Geophysics Department; Chuntang Xu, Martins Akintunde, Jaime Urban, Chunling Wu, 
Graduate Research Assistants. 

Background 
Subsurface monitoring may be required at every storage site to address three issues: 

(1) Site license requirements; (2) Injection management; and (3) Leak detection. Of the 
three, leak detection is the most challenging.  Details will be different for oil/gas 
reservoirs, aquifers, and coal beds, yet much is common to the three storage options.  To 
be effective at subsurface leak detection, monitoring must be able to detect small changes 
in bulk rock properties at small spatial scales in a growing volume on a more or less 
continual basis in time.  And, of course, this must be accomplished in a cost effective 
way.  Clearly, the conventional approach of time-lapse seismic monitoring does not meet 
these challenges. 

The focus of our approach is the development of cost-effective 4-D monitoring 
strategies that can provide quasi-continuous monitoring and adapt to changes in the 
injection and storage conditions.  We call our approach Dynamic Subsurface Imaging 

I 
th 

(DSI).  The goal of DSI is three-fold: (1) Direct leak detection; (2) Dynamic scale 
management; and (3) Real-time implementation. The development and simulation of DS
involves three distinct but related tasks (Figure 64): (1) Rock properties analysis wi
CO2 saturation; (2) Subsurface seismic simulation in heterogeneous reservoirs; and (3) 
Innovative imaging/inversion strategies: 

 

Seismic
Rock

Propert ies

Seismic
Simulat ion

Subsurface
Imaging

Time-dependent
Reservoir

Condit ions

Leak
Detect ion

 
 

Figure 64:  The development and simulation of Dynamic Subsurface Imaging 
involves three tasks: Rock properties, seismic simulation, and seismic 
imaging. To test the approach, one could use time-dependent flow simulation 
results. The output of DSI is the leak assessment. 
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In last year’s report, we described approaches to adaptive seismic monitoring 
spe , 

 
her geophysical methods as 

well. 

r we focus on an implementation of adaptive seismic monitoring, one that 
incl

e 

ements 

cted 

nt information about the changing subsurface but has not been exploited to date.  
Another advantage of directly incorporating time into the monitoring process comes from 
usin

 

r 

 a 
2

spa y 

. Full Wavefield Modeling of Seismic Waves in Complex Media 
Full-waveform seismic simulation is essential for developing new monitoring 

methods, studying survey design, testing processing schemes and algorithms, and for 
interpreting the imaging results.  Moreover, it is important to incorporate the latest-
known physics into the simulation methods. In our case, we need to include attenuation.  
Seismic attenuation has not been studied for subsurface monitoring. Changes in seismic 
attenuation (and velocity) associated with saturation changes should be observable as a 

cially to address the challenges and requirements of CO2 sequestration (pp. 148-158
Harris et al., 2004). Seismic methods provide the most effective means for subsurface 
monitoring for most geological storage scenarios, such as oil/gas reservoirs, aquifers, and 
coal beds. The adaptive seismic monitoring strategy is designed to provide quasi-
continuous snapshots, each taken perhaps months, weeks, or even days apart. Adaptive
seismic monitoring includes DSI but may be applied to ot

This yea
udes model-based dynamic imaging for leak detection, true four-dimensional 

inversion, acquisition configurations, and a preliminary test on a field data test. Also, w
describe progress in research on each of the three areas illustrated in Figure 64: (A) 
Dynamic imaging; (B) Seismic simulation; (C) Low-frequency laboratory measur
of seismic properties: 

A. Model-based Dynamic Imaging for Leak Detection 
Although we are interested in the spatial and temporal distribution of the inje

CO2, the primary concern in subsurface monitoring is leak detection. Existing seismic 
technology can produce high-resolution 3-D images, but the background subsurface 
geology is viewed as constant during the injection period, so why expend effort in 
repeatedly imaging the geology.  The explicit time dependence of our datasets carries 
importa

g the results of predictive flow simulation.  We call our monitoring approach model-
based dynamic imaging. The goal is to develop a cost effective and true 4-D monitoring
methodology. 

The seismic monitoring results at Sleipner, Figure 65, illustrate the motivation for ou
imaging approach.  While the CO2 plume can be seen to grow with time, the saturated 
zone itself appears to be rather featureless.  Moreover, the detailed structure within the 
CO2 plume is, arguably, less important than the boundary of the plume and the 
determination that the CO2 is safely contained or not.  Sleipner suggests the need for
monitoring method that accurately tracks the CO  plume geometry (and front) rather than 

tial details within the plume.  Of course, we would like to accomplish this at greatl
reduces field and processing cost, and potentially in a way that produces an updated 
image or leak assessment every day. We feel it’s possible to do this if we properly 
parameterize the model and take advantage of quasi-continuous (4-D) nature of the 
observations.  This task is discussed in more detail below. 

B
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monitoring signature.  W s, some with complex 
fluid-solid physics.  The GCEP suite includes semi-analytic methods (R/T) and finite-

ling codes to simulate wave propagation in acoustic, elastic, visco-

ring images obtained in 1994, 1999 and 
2001 (Source: SACS). The CO2 plume grows with time. Regarding leak 
assessment, the boundary of the plume is the most important feature.  

 
C. The Low Frequency Seismic Properties of Rocks 

An understanding of the geophysical signatures of CO2 in the subsurface is of great 
importance to monitoring.  Using well-established rock properties models, we have 
performed rock properties studies and sensitivity analyses to evaluate the feasibility of 
geophysical monitoring of CO2 storage in geologic repositories such as mature or 
depleted oil and gas reservoirs, deep saline aquifers, and coal beds.  The applicability of 
seismic methods for a specific storage site will depend on the degree of change in seismic 
velocity, reflectivity and attenuation. We have tools to quickly estimate first-order 
changes in velocity and reflectivity. However, the quantitative effect of CO2 in rocks and 
coals on seismic attenuation is unknown. 

To gain more understanding of the seismic properties of porous materials at low 
frequencies, we began a laboratory study of velocity and attenuation in rocks. The 
challenge is to make low frequency measurements on small samples.  A new acoustic 
metho mple 
DAR ity and 
attenu d 

e have developed a suite of modeling tool

difference mode
elastic, and poro-elastic media.  In Table VIII we list the suite of models developed for 
GCEP. More details on these are given in the Appendix. 

  
Figure 65:  Sleipner seismic monito

d, Differential Acoustic Resonance Spectroscopy or DARS, is being used. Exa
S data are shown in Figure 66.  This method can quickly measure veloc
ation on small rock samples at frequencies more applicable to field seismic an

1994 1999 2001

1999-1994 2001-1994

Top sand wedge

Top Utsira Sand

CO2 in 1999 (yellow) CO2 in 2001 (green)

ŅPush-downÓ effect 
below the CO2 accumulation
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log s 

ch 

 to 

Table VIII:  The GCEP full-waveform seismic modeling suite includes visco-elastic 
a

ging experiments, e.g., around 1 kHz. (Conventional pulse transmission method
operate near to 1 MHz.)  The results of our experimental study on several rock samples 
are briefly discussed in this report.  In particular, we are measuring coals, rocks for whi
no known measurements at these frequencies are known to exist.  Coal beds are one of 
the storage options for geological CO2 sequestration.  However, the understanding
seismic properties of coal is very limited.  DARS fills this gap, especially in the low 
frequency band.  

 

nd poro-elastic codes for the study of attenuation. 
Governing equations  

Available codes 
Acoustic Elastic Visco-elastic Poro-elastic Elastic 

TI 
media 

Elastic fu
ani

media 

ll 
sotropic 

R/T method for 1-D 
horizontally layered 
models 

 
 

 
X 

 
X 

 
X 

  

R/T method for 1-D 
radially layered 
models 

 X X X   

R/T method for 2-D 
radially symmetric 
media 

  
X 

 
X 

   

2-D regular/variable 
grid FD method X X X X X X 

3-D regular/variable 
grid FD method X X X  X X 

 
 

 
Figure 66:  DARS resonance spectra. f1 and W1 are the resonant frequency 
and linewidth without the sample. When a sample is introduced, the frequency 
shifts to f2 and the linewidth changes to W2. The frequency and linewidth 
differences are used to estimate sample velocity and attenuation, respectively.   
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Results 
Model-based Dynamic Imaging for Leakage Detection 

Model-based dynamic imaging and inversion is designed to track the geometry 
CO

of the 

is different than required by 
conventional methods.  Although this method can be used for general geophysical 
imaging or inversion, only inversion is described herein.  Similar applications of dynamic 
medical imaging and ground penetrating radar (GPR) can be found in Feng et al., 2000. 

The subsurface model m(r,t) for CO2 storage consists of two parts, a static 
background and a saturation and pressure plume O(r,t), where r = (x, y, z).   The CO2 
saturated plume is time-varying. As illustrated in Figure 67.  The shape of the plume 
changes as injection continues. 

Rather than use a large number of voxels to parameterize the plume, we use two 
parameters in the inversion. The first is the boundary C(t) enclosing the plume O(r,t).  
The second parameter is the seismic velocity V(t) within the plume.  To first order, the 
single-valued velocity inside the plume acknowledges the fact that seismic velocity is 
most sensitive to the first small saturation of CO2 and relatively insensitive to further 
increases in saturation.  Due primarily to the small number of unknown parameters, the 
inversion problem is over-determined, and subsequently requires less time-lapse data.  
The time-lapse data di are collected at different times t = t1,…,tN.  For a given time ti, 
C(t), m(r,t)), and V(t) are denoted as Ci, mi(r), and Vi, respectively.  Let  be the 
projection operator at time ti, then the observed data are assumed to obey the forward 
mo

 

2 plume in order to predict potential leakage paths.  Because we do not attempt to 
image details of the geological structure, data acquisition 

iG

del 

  di = G imi . 

 
(52) 

ur goal is to estimate the boundary and velocity inside the plume using time-lapse data. 
ction 

 

O
This can be achieved by minimizing the objective fun

 ∑∑∫∑
===

−++−=
N

i
ii

N

i
C

N

i
iii CCDdsmJ

k 11

2
2

1

)ˆ(|||| βλGd . (53)

 
where 0>λ  and 0>β are regularization parameters. )ˆ( ii CCD − penalizes the boundary 
difference between flow simulation and the estimation. If there are no reliable simulation 
models available, this term can be dropped ( 0=β ).  The objective function above can be 
minimized by a curve evolution approach that is defined by  

 J
dt

dC
kC

k −∇= . 

 
Here, J

kC∇  denotes the gradient direction over the space of smooth curves kC .  The level 
set method can be used for the curve evolution implementation.  We are currently 
working on the numerical implementation of this method.  In the future, we will perform 

(54) 
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tests on synthetic seismic data sets generated by flow simulators.  In the next sections
describe a simpler version of dynamic imaging and data acquisition issues related to true
4-D inversion. 

We have tested a simpler version of the 4-D approach described above on both 
synthetics and a field dataset.  Here we describe the field data example. We performe
integrated inversio

, we 
 

d an 
n with three time-lapse datasets for a (3-timestep) time-varying model.  

That is, we simultaneously invert three time-lapse datasets together for three models.  
T
p al., 2004).  Most traditional time-
lapse processing techniques involve the solutio ependent datasets; 
tem  are obtained by subtracting the images.  Naive imag ct
tends to b e to o- ch  ra ati
acquisition geometry, both of which can generate artifacts in the resultin laps
im oss-eq alization lgorithms (Rickett and Lumley, 2001) are used to 
m  and si nal char ristics of peated surv .  

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

Figure 67:  A time-varying subsurface model mi(x, z), whe
times. Three snapshots are shown. Parameters Ci and Vi are
the dynamic inversion problem.  

  
 

The spatial dynamics, encoded in the forward model, are line
Such an inverse problem is seriously ill posed and the usual appr
regularization methods to constrain the solution by a-priori infor
geology. These methods regularize the ill-posed spatial model on
inform ics. The minimization pro
case 

raditional methods ignore the temporal aspect of the problem and solve the inverse 
roblem independently at each time instant (Zhang et 

n for each of the ind
poral variations

e sensitiv
e subtra
ons in 
g time-

ion 

e 
 survey-t survey anges in S/N tio and vari

ages for which cr
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u a
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 min τ obs − τ calc(m)
      m

⎧ ⎫ 
⎬ 

n

2
+ λs

2 Sm
2

i=1
∑⎨ 

⎩ ⎭ 
, (55) 

es 
on 

  

where obsτ  is the vector with the observed travel times, calcτ  is a vector of the traveltim
calculated using raytracing, m is the vector of model parameters, S is a regularizati
functional and sλ controls the weight of the regularization functional in the fitting of the 
data. 

Taking into account the temporal aspects during the time-lapse processing i
the coherence between the images and consistently handles irregular acquisition 
geometries. In addition to fitting the data, and spatial constraints, additional time 
constraints for regularization are im

mproves 

posed to the solution 

 

      m1 ,m 2 ,...,m n

min τ i
obs − τ i

calc(mi ) 2
i=1

n

∑ + λs
2 Smi 2

i=1

n

∑ + λt
2 Tm

2

⎧ 
⎨ 
⎩ 

⎫ 
⎬ 
⎭ 

,   (5

                       
where obs

iτ  are observed travel times, calc
iτ  are the calculated traveltimes for survey i, 

m=[m

6) 

e 1,m2,…, mn] is an expanded vector of model parameters, and mi (i=1, …, n) are th
model parameters at the time of each of n surveys.  The matrix T is a time regularizing 
functional.  The parameters sλ  and tλ  control the weight of each functional in the fitt
of the data (Ajo-Franklin et al, 2005).  The form the regularizing functional T will 
depend on the a priori information about the temporal evolution of the model. The 
lineariz

ing 

ation of ographic system Eq. (53) results in the regularized linear tom

G =m δτδ
 

0mT
0mS

=
=∴=

δλ
δλ

t

is ni ,,...,1  (57)
iii

                                        

here δτi are vectors of residuals of the traveltimes for each of the n time-lapse surve
δmi are the perturbations of the slowness to be determined, δm=[δm1, δm1,…, δmn], and 
Gi are the tomographic matrices associated with each of the time-lapse datasets and 

. 

o

production.  The three 
resulting tomograms are shown in Figure 68.  We used the first derivative operator for 
patial regularization and the temporal regularization operator is the difference betwe

the model derivatives of consecutive surveys. 

th 

w ys, 

models

We applied this spatio-temporal regularizati n scheme to a coalbed methane dataset 
from the Powder River Basin.  The observed data are three independent cross-well 
surveys recorded during different phases of coalbed methane 

s en 

We show the difference tomograms in Figure 69. The velocity decrease probably 
caused by methane desorption is clearly visible as a drop in velocity in survey 2 wi
respect to the baseline.  The comparison of survey 3 with the baseline survey shows 
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almost no change in velocity inside of the coal layer from the baseline, indicating an 
increase in velocity from the time of survey 2.  This can be explained by the increase in 
effective pressure caused by coal dewatering. 

Da

ly, 
 is 

his 
A 

rd 
s 

nse temporal 
coverage) compensate for the sparse spatial coverage.  The model-based dynamic 

version method plus this compensated 4-D (three in space and one in time) data 
acquisition is our model for dynamic CO2 m ay 
require different nitoring stra ies.  Unpredictable injection behavior may require 
special monitoring effort.  Figure 71 illustrates the adaptive nature of the monitoring 
strategy where the cross arrays are shown to migrate to an area where subsurface 
targeting is needed. 

 

ta Acquisition for Dynamic Imaging 
We assume the process of CO2 storage takes place in three phases, the site-selection 
phase, the injection phase, and the site-closing phase.  Monitoring may last tens of years; 
therefore, it could be divided into early, routine, and late injection sub-phases. Inevitab
monitoring needs will change over time and a low-cost but reliable observation system
needed.  We suggest embedding sources and detectors into the near subsurface to 
improve acquisition repeatability.  Further, we recommend using 3-D cross arrays for t
purpose as shown in Figure 70.  Surface cross arrays provide minimal 3-D coverage.  
vertical array, e.g., embedded behind casing in the injection well, is used to reco
additional data that can improve the inversion results (see the synthetic tests in Figure
72-73).  The 3-D cross geometry has less spatial coverage (and resolution) than the 
conventional 3-D seismic survey, but multiple time observations (de

in
onitoring.  Different injection stages m

mo teg

 
Figure 68:  Three time-lapse velocity tomograms obtained through spatio-
temporal regularization. The coal is the low velocity zone centered at 
about 1200 feet. 

 

Synthetic tests were carried out to examine the contribution of the vertical array in a 
tomography inversion.  In these tests, a 2-D model was used (Figure 72a).  A small block 
anomaly in the model represents CO2 saturation.  An example of the simulated wavefield 
is shown in Figure 72b.  Two surveys with and without the anomaly block were 
simulated. The travel time difference ∆T is picked and used to detect the anomaly by 

  (a) ) (c) (b
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tomography.  Figure 72c shows the ray path of one shot of a VSP.  Figure 72d is the 
esulting tomogram.  It can be seen that vertical resolution is mu h better that lateral 

resolution. 
r c

 

 

 

 
Figure 69:  Percent difference between the tomograms shown in Figure 68. 
Notice that the coal layer velocity decreased between surveys 1 and 2, but 
increased between surveys 2 and 3.  

 

 

 

           
 
 

Figure 70:  A 3-D cross array acquisition geometry. (a) Recording the seismic 
signal with surface arrays. (b) The vertical array significantly improves the 
data coverage for the inversion problem.   

(a) (b) 
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Figure 71:  Other cross arrays can be adaptively selected from the embedded 
sources and detectors when necessary to target zones of the subsurface during 
the injection.  
 
 
 
 

             

Figure 72:  Vertical array only (
Seismograms; (c) Ray paths of o
(d) The velocity tomogram.   
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Figure 73: ultiple 
ogram.  

 
 

 

In Figure 73 we present other results for the test block of CO2 for the surface seismic 
geometry.  Only one reflector at a depth of 520 m is used.  Resolution is complementary 
to the VSP.  Horizontal resolution is fairly good, but vertical resolution is poor. 
Combined VSP and surface data in a joint inversion provide the benefits of both 
geometries, i.e., good vertical and horizontal resolution.  These tests show that the regular 
time-lapse tomography has difficulty in detec
expect that the model-based 4-D dynamic inve

Measuring Attenuation and Velocity of 
The key component of DARS is an acousti

Figure 74.  The first resonant frequency of the lo
is giv

(a) (b) 

  Surface arrays only: (a) Ray paths for one shot, though m
source gathers are used in the inversion. (b) The velocity tom

ting sharp boundaries of an anomaly.  We 
rsion will improve on this situation.   

Rocks and Coals at Low Frequencies 
c resonator like the one illustrated in 

ngitudinal mode in the cylindrical cavity 
en by the equation: 

  
f c0=

2L
, (58)  

 
where  is the acoustic velocity of the fluid that fills the cavity, and L is the cavity 
length. The quality factor of the cavity can be calculated from the measured frequency f 
and the measured linewidth W: 

0c

 
Q =

f
W

.     (59) 

In eqn. (14), W is the half-power bandwidth of the resonance curve shown in Figure 66.  
When a small sample is placed in the resonator, the resonance frequency and quality 
factor of the cavity will be perturbed (see Figure 74).  DARS uses the perturbation in 
frequency and quality factor to estimate the velocity and attenuation of the sample.  The 
operating frequency DARS is determined by the size of the cavity, not the size of the 
sample; therefore, DARS can be used to measure an acoustically small sample in the 
laboratory at low frequencies. 
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Figure 74:  A fluid-filled cylindrincal resonator with a small sample inside. 
We measure the resonance frequency with the sample at different locations in 
the cavity. 

 
Under the influence of the sample, the empty pressure in the fluid changes to , 

and th
1p 2p

e resonant frequency shifts from  ω1 to  ω2 . Using the acoustic wave equation 
priate boundary conditions we get (Harris et al., 2005): 

and 
appro

 
    
ω 2

2 −ω1
2 = −ω1

2δκ
Vs

Vc
A−ω1

2δρ
Vs

Vc
B , (60) 

 

where 
    
A =

Vc

Vs
p1

Vs
∫ p2dV / p

Vc
∫  (61) 

 

and 

1 p2dV

    
B =

Vc

VS

c1
2

ω1
1

∇p1 ⋅ ∇p2dV
Vs
∫ / p1 p2dV

Vc
∫ . (62) 

 

In Eq. (60), 212 /)( ρρρδρ −= , 1ρ  and 2ρ  are the density of the fluid and the sample; 
/) 112( κκκδκ − , where = 1κ  and 2κ  are the compressibilities of the fluid and the 

sample, respectively. In eqns. (60)-(62), Vs
volume of the cavity, p is acoustic pressure in the fluid, and 

 is the volume of the sample and Vc is the 
p∇  is proportional to 

ch smaller than the cavity, i.e.,   Vs <<Vc  then acoustic particle velocity.  If the sample is mu
 and .  The coefficients A and B are ob rom calibra

standard samples with known properties. 

We tested five common rock samples (Table IX) with DARS.  We also looked at 
synthetic samples (not shown), made from aluminum, with the purpose of evaluating the 
attenu pore volume ratio 
and p D 
respe les with a variety of permeability and porosity 
omb s and synthetic samples were fully saturated 

with the same fluid contained in the cavity.  In current tests, we considered only the first 

21 pp ≈     ∇p2 ≈ ∇p1 tained f tions using 

ation properties of samples with controlled flow properties.  The 
ermeability of the synthetic samples range from 8-27% and from 250-1500 m
ctively.  Thirty synthetic samp
inations were studied.  Both real rockc

GCEP Technical Report 2005 http://gcep.stanford.edu



resonance mode.  The resonator is an open-ended cylindrical cavity in a tank filled with 
licone oil. 

At the center of the cavity, the ac sure dominates because of the velocity 
ode. Moreover, the compressibility of the samples is always less than the background 
edium; therefore, the sample contributes a positive contribution to the frequency shift. 
t the ends of the cavity, the acoustic velocity dominates because the ends are pressure 
odes. In addition, the sample is denser than the background fluid and contributes a 
egative contribution to the frequency shift. These features of the sample-induced 
equency shifts can be seen in Figure 75. 

the experiment. 

Rock 
type 

ρ 
(g/cc) φ  (%) 

k 
(mDar

si

oustic pres
n
m
A
n
n
fr

Table IX:  Flow properties of rocks used in 

cy) 

Berea 
1 2.10 19 127.2 

Berea 
2 1.85 22 367.7 

Coal 1.13 1.9 0.1 

Boise 2.32 12 1.0 

Chalk 1.79 34 2.2 

 
   
 
 

 
Figure 75:  Resonance frequencies of the cavity loaded with different rocks. 
The baseline corresponds to the empty cavity. 
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Figure 76:  Maximum frequency deviation as a function of the compressibility for 
porous (rocks) and non-porous samples. This perturbation corresponds to a sample 
located at the center of the cavity. 
 

The acoustic velocity of the sample can be estimated using the maximum frequency 
ation that occurs at the pressure antinode where   ∇p = 0perturb .  Thus, the coefficient 

ply a function of the compressibility contra
urthermore, from the definition of compressibility, 

B in 
Eq. (60) drops off and the frequency is sim st.  

)(1 2cρκ =F , the sample velocity c can 
timated.  The cross-plot of compressibility for six rocks and the corresponding 

normalized (for volume) frequency shifts is shown in Figure 76.  In this plot, the black 
squares represent five solid materials including one piece of aluminum and four different 

 
perturbation theory.  The porous mat .  

e the 
quality f  (inverse a  

 plots as a straight line (high Q has higher 
slope). Introducing complex frequency and complex modulus, we find that the quality 

be es

plastics.  The frequency shifts for these solids fall along a straight line, thus verifying the
erials, however, all deviate from the solids line

Like the frequency, the linewidth W (Figure 77) varies as the sample is moved in the 
cavity.  The five samples are easily delineated in this plot. 

The measured resonance frequency and linewidth are combined to estimat
actor ttenuation) of the system. A crossplot of frequency and linewidth

is shown in Figure 78, where a constant Q

factor   Qs of the sample at a pressure antinode can be estimated as follows (Harris et al. 
2005): 

 
    

1
QS

= C VC

VS

( 1
Q2

−
1
Q1

) +
1

QF

, 

 

(63)  
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where     Q2 and     Q1 are the quality factors of the cavity with and without the sample
respectively,

, 
 an  is the known quality factor of the fluid. d   QF

 
Figure 77:  Variations of resonant bandwidth with sample location for 
five porous samples. The baseline corresponds to the empy cavity. 

 
The constant C is found through calibration with standard samples. The quality factors of 
five porous samples are est  usin  (63), where again a calibration is made to an 
assumed known sample. Next, we com quality factors with the measured flow 
and storage properties, i.e., permeability and porosity. In Figure 79, we see a 
monotonically decreasing value of Q with increasing permeability over four orders of 
magnitude. In Figure 80, we see a sim behavio f Q versus porosity except for the 
distinct outlier for the high porosity but low permeability Chalk sample. These results 
strongly indicate that the DARS “Q” can be used to qualitativ interpret permeability in 
porous media. We believe Q holds promise as an indicator of in situ permeability in 

           

imated g Eq.
pared the 

ilar r o

ely 

porous media. 
 

 
 

Figure 78:  Cross plot of resonance frequency and linewidth for five different 
rocks. The traces correspond to sample position within the cavity. 
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Figure 79:  Sample “Q” for the five rock samples vs, permeability. The 
Q-value for boise is calibrated to 200.  Permeability is measured by a 
conventional method.  

 

 
Figure 80:  Sample “Q” for the five rock samples vs. porosity. 

 

Summary and Future Plans 
We are developing a new strategy for subsurface monitoring.  Our approach is novel 

in that we consider new and different monitoring signatures, i.e., seismic attenuation, an
a parameterization and data inversion method designed to take advantage of an ongoing
data gat ering procedure that would yield a true 4-D monitoring capability. 
 

d 
 

h

We presented progress reports on the three tasks essential to the study, namely new 
sults for low frequency laboratory measurements for seismic attenuation, the 
mulation and early tests of the imaging and inversion method, and a suite of seismic 
ulation tools that we’ll need to capture the attenuation processes known to exist in real 

rocks, seen in the laboratory, and expected to be an important monitoring signature. 

re
for
sim
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In the future, we plan to make a suite of lab measurements on rocks flooded with 

various fluids.  The goal is to quantify the magnitudes of velocity and attenuation 
changes associated with CO2.  These lab results will be incorporated into seismic 
simulation models for several storage scenarios (in coals, aquifers, and depleted oil/gas 
fields).  Finally, inversion and imaging tests will be run on the simulated datasets.  
Overall, we expect to conclude the project with a complete assessment of the proposed 
integrated monitoring strategy. 
 

Appendix – Simulated wave equation processes 
Time lapse seismic is an accurate geophysical method for monitoring CO2 

sequestration.  Full-waveform seismic forward modeling is useful for studying survey 
design, for processing and algorithm testing, and for interpretation.   
 

We hav -
ifference) isco-

re ignored. The 3-D acoustic wave equation with variable velocity and 
density is: 

 

e developed R/T (reflection and transmission coefficient) and FD (finite
 modeling codes to simulate wave propagation in acoustic, elastic, vd

elastic, and poro-elastic media.  The following presents the wave equations and modeling 
tools developed.  

 
Wave equations 

Four types of wave equation are used to model the propagation of seismic waves in 
the earth. They can be either isotropic or anisotropic. 
 
1. Acoustic  The acoustic equation considers the medium to behave as an ideal fluid, so 

it only describes P-waves. This can be adequate in some seismic experiments where 
S-waves a
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                                     p – pressure 
                                    ρ – density 
                                    c – sound velocity of the media 
 
2. Elastic  Both P- and S-waves are considered by the elastic wave equation. The 

elastic wave equation in isotropic media is given by:  
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                                               i, j, k =1, 2 → 2-D  
                                               i, j, k = 1,2,3 → 3-D    
                                              δij – Kronecker’s delta 
                                               vi – particle velocity component 
                                              σij – stress component 
                                              ρ – density 
                                              λ, µ – Lame constants 

 
3. Visco-elastic  The visco-elastic wave equation includes intrinsic attenuation. The 

visco-elastic wave equation for the standard linear solid model in isotropic media is 
represented by:  
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                                     i, j, k =1, 2 → 2-D  
                                     i, j, k = 1,2,3 → 3-D    
                                    δij – Kronecker’s delta 
                                     vi – particle velocity component 
                                    σij – stress component 
             
                                                   – density 
                                     π – relaxation modulus for P-waves (π=λ+µ) 

xation modulus for S-waves 
    

                        rijl – l memory variables
ρ   

                                     µ – rela
                                 p

ετ , s
ετ   – strain relaxation time for both P- and S-waves 

                                     
στ – stress relaxation time for both P- and S-waves 

 
4. Poro-elastic  The poro-elastic wave equation, based on Biot’s theory, describes wave 

re 
ry. At the 

ic 

propagation in a two-phase medium, one solid and one fluid. In such a medium, the
exists a fast P-wave, slow P-wave, and S-waves predicted as by Biot’s theo
frequency goes to zero, the slow P-wave reduces to Darcy flow. The poro-elast
equation is parameterized with fluid properties including viscosity, and matrix 
properties of porosity, permeability. The poro-elastic wave equation is:  
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 =1, 2 → 2-D  
    

                     wi = ϕ(vf-vi ) – velocity component of 
                                                                          the fluid relative to the solid  

                                            ρ = ϕ ρf + (1- ϕ) ρs – overall density 

 
      
      s

b – bulk modulus of the dry porous matrix 
                                                  M=[ϕ/ Kf+(α- ϕ)/ Ks]-1 
                                                  Kf – bulk modulus of the fluid 
                                                  µ – shear modulus of the dry porous matrix 

b-2 µ /3 + α2M – Lamé constant of 
rated matrix 

re fluid 
 

 

 
Modeling codes 

The following table lists the modeling codes we have developed based on the wave 
equations for acoustic, elastic, visco-elastic, and poro-elastic media. 

 

                                                 
                                                 i, j, k

                                             i, j, k = 1,2,3 → 3-D    
                                                 δij – Kronecker’s delta 
                                                  vi – velocity component of the solid material 
                             

                                                  ρf  – density of the pore fluid 
                                                  ρs – density of the solid 

                                            ϕ – porosity 
                                                  m= Tρf / ϕ 
                                                 T – tortuosity of the matrix 

                                            α=1-Kb/Ks;  
                                            K  – bulk modulus of the matrix material 

                                                  K

                                                  λc= K
                                                                                        the satu
                                        /κ 

                                                η – viscosity of the po
          b=η

                                                     κ –  permeability of the matrix 
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Table X:  The GCEP full-waveform seismic modeling suite includes visco-elastic and 

ning equations 
poro-elastic codes for the study of attenuation. 

Gover 

Available codes tic Poro-Acoustic Elastic Visco-elas elastic Elastic 
TI 

media 

Elastic full 
anisotropic 

media 
R/T method for 1-D   
horizontally layered  X 

 
X 

models 

 
X 

  

R/T method for 1-D 
ially layered 
dels 

 X X X   
rad
mo
R/
radially symmetric 
media 

  
X 

 
X 

   T method for 2-D 

2-D regular/variable 
grid FD method X X X X X X 

3-D regular/variable 
grid FD method X X X  X X 

 
 
 
Choice of modeling tool 

The level of complexity increases as we move from acoustic through elastic, visco-
elastic, and ending up at poro-elastic modeling.  This complexity is reflected in both the 
seismic wave field as well as in the computational requirements for both memory and 
CPU time.  There is a trade off between the accuracy and efficiency in choosing 
modeling codes for wave propagation simulation.  It is always desirable to use the 

mplest modeling scheme that will accurately reproduce the part of the seismic wave 
eveloped the variety of tools to satisfy 

si
field under consideration.  That is why we d
different needs. 
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